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 I. INTRODUCTION AND SUMMARY 

All over the world, electric power systems are experiencing the impacts of cheaper renewable 
energy, expanded unconventional natural gas and oil, new policies to address global climate 
change risk, and dramatic technical progress on the many facets of electricity control, efficiency, 
and pricing.  These and other factors are prompting large changes in the expansion and 
management of the electric power grid. 

In the electrically-independent power system of Texas known as ERCOT, the evolution of the 
power sector is especially related to the development path for renewable energy and natural gas-
fired power.  With over 12,000 MW of installed capacity, Texas is the largest state producer of 
wind-powered electricity in the U.S.1  Wind resources in Texas are more than double the next 
two largest wind capacity states combined.2  At the same time, Texas is the leading U.S. producer 
of natural gas, and the state generates nearly half its electricity from natural gas plants, 
substantially more than it generates from coal or nuclear power.3  Texas also has abundant, high-
quality wind resources and solar energy potential. 

In June of this year, we produced a white paper for the Texas Clean Energy Coalition (TCEC) 
exploring qualitatively the short- and long-run interaction between natural gas and renewables 
in Texas’ energy future.4  This preliminary review found that the relationship between natural 
gas and renewables had aspects that were both complementary and, in some cases, substitutive.  
We found that over the next two decades the degree to which natural gas or renewables “crowd 
out” the other source, as opposed to develop together, was a function of future policies and 
market design features, technological developments, and the price of electric fuels and resources 
of all types. 

In this report, we examine the future of gas and renewable power in Texas analytically through 
the simulation of several future grid expansion scenarios.  Using a state-of-the-art modeling 

                                                   
1  Trip Dogget, “ERCOT – A Strategic View of the Future,” Presented at the GCPA Fall Annual 

Conference, October 2, 2013. 
2  “AWEA U.S. Wind Industry Third Quarter 2013 Market Report,” American Wind Energy 

Association, October 31, 2013. 
3  Sam Newell, Bruce Tsuchida, and Anul Thapa, “Gas-Electric Reliability Challenges and Possible 

Solutions in Various ISOs,” The Brattle Group, September 30, 2013.  
4  Dr. Jurgen Weiss, Heidi Bishop, Dr. Peter Fox-Penner, Dr. Ira Shavel, “Partnering Natural Gas and 

Renewables in ERCOT,” prepared by The Brattle Group for the Texas Clean Energy Coalition, June 
11, 2103.  In addition, Brattle principals have created several additional reports on ERCOT and other 
power markets.  A partial list of relevant reports is attached as Appendix A. 
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Our models were run using data on generating units and fuel prices primarily from ERCOT, the 
U.S. Energy Information Administration, and the Electric Power Research Institute.  We 
supplemented these data with our own analysis and calculations regarding renewable energy 
costs and installation rates, environmental retrofits, and other specialized assumptions.  Our 
sources are discussed in more detail in Sections II and III.  

OVERVIEW OF OUR RESULTS 

For the six scenarios we examined, we found that natural gas and renewables both play 
substantial roles in ERCOT and together provide all new generation.  In the absence of continued 
or enhanced policy supports, we did find that natural gas generation would be the primary 
addition of choice though 2032, even with significant declines in the price of wind and solar 
power.   

If gas prices remain very low and current wind plants retire, the share of energy from renewables 
in Texas might decline slightly by 2032.  However, across the more likely scenarios we analyzed, 
wind and solar grow from their current 10% generation share to levels between 25 and 43%.  
Natural gas-fired generation provides all of the remaining incremental generation, adding 12 to 
25 GW of new combined-cycle capacity.  

As expected, the mix of new gas and renewables generation is sensitive to the price of natural 
gas, cost declines in wind and solar power, and tax and transmission policies.  Changes in these 
factors can cause significant shifts in the mix of future installations, leading to a wide range of 
plausible generation shares for wind, solar, and natural gas.  In addition, our modeling did not 
incorporate the impacts of gas price uncertainty, slightly overstating future levels of gas plant 
investment.   

There has been much discussion concerning the ability of power systems to integrate larger 
amounts of variable renewable energy sources.  Our models found no technical difficulties 
accommodating much higher levels of variable wind and solar energy, while fully preserving 
reliability.  However, a new ancillary service product was used to integrate larger amounts of 
variable renewable energy sources. 

Finally, we found that existing coal units in ERCOT remain profitable and are not retired unless 
a relatively stringent federal carbon rule is adopted.  No new coal plants are built in any scenario.  
A federal carbon rule requiring 90% capture and storage of carbon would prompt the retirement 
of most ERCOT coal units, while a 50% capture and storage rule reduces coal plant margins but 
does not force retirements.  Under the Strong Federal Carbon Rule scenario, gas and renewable 
generation would together replace the energy formerly supplied by coal plants, resulting in 
almost half (43%) of all 2032 ERCOT energy from renewable generation in this scenario.  Our 
results appear in more detail in Section Four. 
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IMPORTANT STUDY CONSIDERATIONS 

As noted, the purpose of this study is to examine broad patterns of interaction between natural 
gas and renewable resources over the next twenty years.  Our analysis is largely limited to 
interactions in the wholesale power markets and the large-scale transmission system, with 
limited representation of the distribution system and the retail sector.  Moreover, our results are 
based on a set of scenarios that are necessarily smaller and narrower than the range of possible 
price and policy outcomes in the ERCOT region.  To process a manageable number of scenarios, 
we necessarily made a number of assumptions and limited the options evaluated. 

First, we do not model scenarios with potential major technical breakthroughs, such as the 
development of significantly cheaper power storage or substantially cheaper carbon capture and 
sequestration (CCS).  While we are certain that the future holds many technological surprises, 
we did not incorporate any of them into our limited set of scenarios.   

Second, increases in electric vehicle use or other new sources of demand or customer-sited 
supply are limited to those embedded within ERCOT’s most current net load and sales forecast.  
Texas utilities have continued to exceed their state energy efficiency goals for almost a decade 
now and are likely to have surpassed their 2013 goal of 30% reduction in demand growth.5  A 
study of efficiency efforts potential has not been conducted since 2008 but there it is likely great 
additional energy efficiency potential. Greater energy efficiency would reduce the rate of overall 
energy use as well as peak load growth below the current 1.7% average rate, reducing the need 
for resources of all types.  While strong efficiency policies are certain to have an impact on total 
new generator additions, and are a fruitful area for further research and policymaking, it is not 
obvious how these improvements would affect the proportionate balance between gas and 
renewable resources.  

Third, the solar PV in our scenarios is best interpreted as utility-scale installations located at a set 
of sites at which solar irradiation approximately equals the ERCOT average we employ.  These 
PV plants are also assumed to require transmission roughly equivalent to that needed for new 
fossil generation sited in the same regions.6  This omits any consideration of the unique impacts 
of large-scale deployment of rooftop or community-scale PV, which could reduce transmission 
import requirements, reduce or increase distribution system costs, and significantly change the 
pattern of distribution system loads and flows.  We have also not examined in detail the 
possibility of co-locating PV with wind in the areas connected through the new CREZ lines.  It is 

                                                   
5  “Energy Efficiency Accomplishments of Texas Investor-Owned Utilities Calendar Year 2011,” Texas 

Energy Efficiency, prepared by Frontier Associates LLC for the Electric Marketing Managers of Texas 
(EUMMOT), 2011. 

6  Interconnection costs are, however, technology specific – see Section III. 
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possible that locating PV systems there would lead to lower overall transmission costs relative to 
separate solar and wind sites.  

Fourth, our examination of demand response (DR) is limited to the large-scale approximations 
currently employed by ERCOT in its modeling efforts.  Research in Texas and other markets 
suggests that there is substantial additional potential for price-responsive demand using an array 
of pricing, market, and policy measures.  In particular, in the future some portion of rapidly- 
controllable DR could substitute for some of the gas-fired combustion turbines added in our 
scenario results.  This remains an area for further study.    

Fifth, within the bulk power market, we assume that transmission costs do not vary between 
resources scenarios.  Large wind build-outs in West Texas (including the panhandle region) are 
assumed to require an expansion of the CREZ system when new builds reach a threshold that 
renders the CREZ expansion economic.  For modeling purposes, however, we assume that 
transmission additions throughout ERCOT are rolled in to statewide postage-stamp transmission 
tariffs, and are not a factor in generation developers’ decisions.    

Sixth, we have not considered the potential addition of concentrated solar power resources to the 
Texas energy mix.  At present, we are unaware of any concrete plans for new CSP projects in 
ERCOT.  Nonetheless, depending on the evolution of its cost as more and more CSP projects go 
online across the world, it is possible that CSP could play a role in the future ERCOT energy mix, 
given its ability to integrate some amount of storage and hence achieve a better coincidence with 
peak demand in electricity systems with heavy air conditioning load such as Texas. 

Finally, our modeling system does not formally include the impact of uncertainty in the future 
price of natural gas, nor does it reflect all of the time-variability of solar-electric output.  We 
discuss the effect of these two directionally offsetting considerations further in the final results 
section below.  In a later phase of this research, we hope to use our modeling system to explore 
the impacts of additional solar and demand response technologies together and in more detail, 
thus addressing some of the limitations in the present work. 

GUIDE TO THIS REPORT 

The remainder of this report is in three major sections.  Section II provides a conceptual 
overview of our approach to projecting power system development.  Section III describes the 
input data and models we employ in more detail.  Section IV provides a more in-depth 
description of the six scenarios we forecast and presents our results and conclusions. 
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 II. MODELING THE FUTURE ERCOT SYSTEM: CONCEPTUAL OVERVIEW 

As noted, the project’s goal is to simulate, as accurately as possible, the interaction between 
renewable and gas generators on the ERCOT system through 2032.  More concretely, this means 
estimating the amount of power plant capacity by type (gas, solar, wind, coal, etc.) that is either 
added or retired within ERCOT over the study period.  Since capacity additions in ERCOT are 
primarily driven by competitive forces that yield the prices earned by generators, our challenge 
is to simulate the behavior of a multitude of competitive generation developers active across the 
potentially viable fuel and technology options.  At the same time, we assume that ERCOT 
continues to be responsible for ensuring that its grid operates reliably and in conformance with 
NERC standards. 

The real-world interaction between the price-deregulated generation market and ERCOT’s grid 
management responsibilities is exceedingly complex, especially over a study period spanning 
twenty years.  The interaction can be abstracted into a repeated series of cycles of the expansion 
of the ERCOT system.  Each cycle can be thought of as the period over which generators look at 
the current market and decide the next group of plants they are going to build or retire.  The 
system responds by adding new transmission lines (if needed) and ERCOT adjusts its operations 
to accommodate the new plants, retiring units, and new load growth.   

The cycle can be further disaggregated into a series of steps explained as follows: 

SIMPLIFIED STEPS IN THE ERCOT EXPANSION CYCLE 
• At the start of the cycle all the generators and transmission system are existing 

facilities.  ERCOT conducts the market processes and all other operating procedures 
that together yield hourly and sub-hourly prices for all market products and also 
ensure reliability is maintained. 

• Generation developers look at power market prices and form their own predictions as 
to how these prices will change in the coming twenty years  (since most new plant 
investments last twenty years or more, a developer typically forecasts over this period).  
This incorporates the developers’ own predictions of how fuel and technology costs 
will change, how ERCOT market rules will change and their effect on prices, how 
environmental or tax rules might change, and other factors that influence their 
predicted revenues.  Note that there is substantial uncertainty around many of these 
factors, yielding a highly uncertain future revenue prediction that is usually reduced to 
an expected value and either some “high” and “low” cases or a formal analysis of the 
impact of uncertainty. 

• Based on these predictions and uncertainties, generators of all types indicate to ERCOT 
that they plan to add their chosen amount and type of new capacity at their chosen 
location.    
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• ERCOT uses generators’ indications of future capacity to run simulations of the 
operation of its power system with these new resources.  These simulations indicate to 
ERCOT where new transmission lines or other facilities to ensure reliable service are 
needed.  Other simulations tell ERCOT whether it must change its operating 
procedures to ensure reliability. For example, when additional wind is added to the 
system in a future year, there is more variability in generation from all wind resources 
than in prior years.  This might prompt ERCOT to change its procedures to purchase 
larger amounts of ancillary services (AS) and/or change the rules in the AS markets.  
These changes are complex, but could have substantial impacts on the revenues earned 
by generators who sell ancillary services.  Thus, ERCOT’s changes to its procedures 
may result in subsequent significant changes in predicted market price outcomes for 
many future years. 

• It is worth noting that some of the simulations ERCOT conducts in response to 
generators’ announced plans, and some of the changes they implement that affect 
market prices, don’t occur far in advance of the new additions being added.  This is due 
in part to the fact that as market outcomes evolve, the regulatory process may cause 
ERCOT to determine that new transmission is needed or adjust operation actions.  
Thus, the best way for generation developers to understand the full impact of all of 
ERCOT’s adaptive responses to the most recent round of generation additions is to 
observe market price outcomes once the new generators have been added to the grid 
and ERCOT has adapted.    

• Generators’ observations of the new market price and revenue outcomes give them an 
updated basis for looking forward to their next cycle of competitive additions.  If their 
private forecasts predict that they can profitably build and operate one particular type 
of power plant over its economic life they will probably try to build it; conversely they 
will stay out of the market.       

In reality, the expansion cycle in ERCOT and all other markets occurs in several overlapping 
time frames that span two to three years, not a discrete series of sequential steps.  For modeling 
purposes, however, we abstract the cycle into two concurrent activities, each of which can be 
modeled as if a full cycle takes one year.  These steps are illustrated in flow-chart fashion in 
Figure II-1 and explained as follows. 
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The first of these activities is developers’ annual choices of additions and retirements by location 
and type.  We use a model known as Xpand to simulate the totality of the market’s decisions to 
build and/or retire plants each year.  Xpand’s underlying logic mimics the market-price-driven 
decisions of developers for each type of generating plant.  Specifically, for a list of new power 
plant options, Xpand examines the cost of building and operating the plant over its prospective 
life span with the current and predicted future revenues each plant will earn.  (The plant options, 
including demand response, are discussed in Section III).  In any annual cycle, Xpand adds 
(“builds”) all plants for which the forecasted present value of revenues equals or exceeds present 
value capital and operating costs over the economic life of the plant.  Xpand also checks the 
profitability of all existing plants and retires any plant whose future predicted revenues do not 
cover the sum of its future operating costs and required capital outlays.7 

Although plants are often built based on long-term contracts, Xpand assumes that all plants earn 
revenues equivalent to the spot prices for energy, ancillary services, and (in required reserve 
margin scenarios) the capacity market.  The respective prices are the result of supply and demand 
bids in the spot markets operated continuously by ERCOT.  Xpand contains a simplified market 
price calculator that balances total supply (existing plus new units) with each year’s demand.  
However, these prices are modified by the second half of the simulation system, the Power 
Systems Optimizer (“PSO”) model.   

PSO is a model that simulates the operation of ERCOT’s reliability maintenance and market 
operations on a very detailed basis.  When given a level of momentary power demand within 
ERCOT, forecasted levels of wind and solar energy, and a set of new and existing ERCOT power 
plants, the model simulates ERCOT’s dispatch of all plants and its market-clearing prices in all 
markets for each intra-hour period8 within each annual cycle.    

These detailed simulations are used to check and modify Xpand’s annual generation additions 
and retirements.  In effect, PSO asks “How well can I operate the system reliably if I add all the 
generators that Xpand thinks are profitable to add?  If I can’t operate reliably, what must I do to 
make the system reliable?  When I finish taking actions to make the system operate reliably, 
what are the resulting series of spot prices in all the markets I operate, and do the various 
resources on the system earn enough to justify continued operation?”    

PSO provides simulation results that allow the modeler to study these questions and experiment 
with modifications that eliminate any observed reliability problems and reduce system 
inefficiencies.  To use one purely illustrative example, Xpand may have found that 1,000 MW of 

                                                   
7  As explained earlier, Xpand employs expected value prices over the forecast horizon and therefore 

does not explicitly account for the impact of price uncertainty on investment decisions.  We discuss 
the impact of uncertainty further in Section III.   

8  In this study, the intra-hour period duration used is 10 minutes. 
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additional solar resources may be profitable to install in a future year.  PSO then may identify 
problems with maintaining reliability with this level of new solar installations because there is 
not enough capacity in the system to ramp up with sufficient speed to protect against a blackout 
at the end of the day when solar output declines rapidly just as residential air conditioning load 
surges.  By examining the PSO results and determining why the reliability criteria are violated, 
we judiciously alter the need for reserves, either by increasing an existing reserve requirement or 
perhaps even creating a new type of reserve, which in turn impact the mix of new capacity added 
by Xpand in a second iteration.  For example, we might add an additional 150 MW of fast-
ramping combustion turbines and find that this corrected all reliability problems. 

If the 150 MW of combustion turbines noted above were not added originally by Xpand, it was 
because they were less profitable than the other additions found by Xpand at the prices 
forecasted by Xpand in the absence of combustion turbines.  However, if combustion turbines are 
required to preserve reliability, both models are instructed to require that they be built.  Once 
this occurs, both models will forecast different future price paths, since the set of generators 
bidding into the markets now includes the new required CTs.   

Each model is then re-solved to determine the most profitable set of system additions in light of 
the new prices and presence of the CTs.  Xpand’s decisions to add and retire plants, once required 
to include the new reserve requirement, could change significantly.  Again for illustration, 
Xpand may find that the presence of the CTs may have reduced the market-clearing energy spot 
price during the peak periods of the day for many years to come.  This could reduce the 
profitability of some of the solar additions, since they tend to generate power during the midday 
peak period.  Thus, Xpand may now determine that only 500 MW of solar is now profitable. 

In theory, the addition of the CTs following the addition of solar plants could also yield another 
quite different result.  The combination of new CTs and new solar could lower energy prices to 
the point where coal-fired power plants (that must also install new pollution control devices) are 
no longer profitable to operate.  This can occur because these plants are generally expensive to 
start up and shut down but are also not profitable to operate continuously at the new lower level 
of prices.  When this occurs, Xpand would make the decision to retire these units.  This is the 
kind of interaction between longer and shorter term market dynamics that guided our choice of 
modeling infrastructure.  

The overall process of running PSO, modifying the ERCOT system to ensure reliability, 
recalculating prices, re-choosing generation additions, and re-checking the simulated system 
dispatch, prices and energy margins (profits) to ensure reliable operations is illustrated in Figure 
II-1.  We refer to this overall process as converging the two models and the final result as a 
converged simulation of future grid additions and prices.  This converged solution mimics the 
ultimate outcome of the true cyclical interaction of ERCOT and its generation market in the 
presence of reliability requirements. 
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Although Xpand computes generation changes for every year of the study period, for the 
purposes of our analysis it is not practical to run PSO and converge the two models for every year 
of the study period.  Instead, for each of the scenarios we converge the two models by running 
PSO for the years 2017, 2022, and 2032 and comparing the results of Xpand and PSO in these 
three years.  The results of each converged year are fed forward into the next convergence cycle.  
For each scenario, the final result is an evolution of system additions and retirements found to be 
most profitable, given forecasted prices and policies, consistent with reliable system operation – 
the conceptual equivalent of the outcome a competitive market managed by ERCOT should yield 
over time.     

With respect to transmission costs, it should be noted that our modeling system does include 
many important transmission limits in the current ERCOT grid, but does not ascribe differences 
in transmission costs between any generation options.9  In other words, to the extent generation 
additions require new transmission, this expansion does not influence generators’ decisions.  
Similarly, with the exception of one possible increase in CREZ capacity, we do not add or 
subtract any new transmission constraints.  One final implication of this treatment is that the 
additional cost of new transmission lines is not calculated.  While all of these assumptions are 
simplifications, we believe they are reasonable in the context of this analysis. 

MODELING THE IMPACTS OF WIND AND SOLAR VARIABILITY, AND UNCERTAINTY 

The natural variability of wind and solar energy introduces special challenges into our simulation 
effort.  These sources of energy can vary significantly and unexpectedly within a matter of 
minutes, requiring ERCOT to respond via some combination of new prices (if the changes can be 
reflected in bids and offers in ERCOT’s very short-term markets) and/or other actions, such as 
ramping fast-response generators up or down.  Our simulation of the short-term ERCOT market 
operates on a period of ten minutes, which does not fully capture the second-by-second 
variation, and ERCOT’s responses to these variations.    

We were fortunate to be able to access multiple sources that allowed us to incorporate wind 
variability and uncertainty in a detailed manner.  In brief, we drew on actual one-minute 2012 
wind production for all of ERCOT as well as hourly forecasted and average actual wind 
generation for each region of the system (Southern and Northwestern ERCOT).  For wind 
resources in the Texas panhandle, we received similar data from SPS applicable to this region.  
These data were sufficiently detailed so as to allow our models to reflect the impacts of wind 

                                                   
9  See Appendix B for further details on the transmission constraints modeled in PSO. 
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variability and uncertainty.  To provide a realistic albeit conservative10 representation of the 
wind resource geographic diversity in ERCOT, new wind capacity developed by the Xpand 
model was allocated to the three wind regions (Southern, Northwestern and Panhandle) 
following rules that aim at increasing resource diversity while maintaining high capacity factors.  
Basically, in the three scenarios with high levels of renewable penetration we assumed that total 
Northwestern and Panhandle wind capacity would have similar magnitude, and that Southern 
wind capacity would not exceed 5,400 MW.  For all years of the study we made the conservative 
assumption that wind forecasts would have the same accuracy level that they exhibited in 2012.  
While forecasts have significantly improved over the past few years, and we expect the trend to 
continue, we did not account for further improvements, which means we may overstate future 
forecast error.  As detailed in the rest of the report, the ERCOT system with wind, solar and gas 
expansion was able to cope with the increased wind uncertainty without any reliability issues, 
even under very high renewable penetration levels and with a potential overstatement of wind 
forecast error. 

In contrast to wind data, the solar data we received from ERCOT provides only the average 
hourly output across 34 locations within ERCOT for one representative year.11  Regardless of the 
periodicity of our model, this hourly average data for a year homogenizes significant inter-year 
and intra-hourly variation and therefore induces our model to require less in the way of ERCOT 
system response.  This translates into a possible reduction in the additions of fast-ramping 
resources – primarily natural gas generators – in our results for scenarios that show significant 
PV additions in the future.  Conversely, where PV additions are not substantial the impact of this 
data homogenization is insignificant.   

THE IMPACT OF FUEL PRICE UNCERTAINTY AND QUANTITY RISK 

Xpand (and PSO) assumes that all revenues (and associated costs) are known with certainty at the 
time a decision is made to build or retire a plant.  This likely creates some bias in favor of plants 
with more variable costs relative to fixed upfront capital costs, since in reality variable operating 
costs are subject to substantial uncertainty.  In the present context, this translates into a small 
inherent boost to new gas-fired generation.  In reality, gas-fired power plant developers assume 
the risks that fuel and power prices will change so as to make their plant no longer economic, 
and therefore no longer able to sell in deregulated power markets.  Since most plant developers 
are risk-averse, i.e., attach a cost to the possibility that their plant may not earn profits during 

                                                   
10  The representation of geographic diversity is probably understated since in modeling the wind 

resource we scaled 2012 generation levels, effectively assuming that new wind capacity would not 
increase resource diversity within the region.  

11  More precisely, we used one average solar output profile based on 34 different hourly profiles 
compiled by ERCOT, to capture the benefits of geographic diversity in the solar resources. 
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future years, this hidden cost causes some developers to forego adding new units even when their 
new unit is forecasted to be profitable at the average, or expected, future level of prices.12  

Xpand does not incorporate this risk aversion into its capacity additions logic.  Instead, it behaves 
as if developers have no risk aversion, and adds capacity whenever expected revenues exceed 
expected costs.  These expected costs are determined by the expected levels of gas prices and 
other input variables and the calculations of power prices by our models.  The omission of this 
risk premium creates a bias in our results in favor of greater natural gas plant additions than 
would be the case in a market where developers are significantly risk-averse.   

There is a similar, and directionally offsetting, output risk associated with renewable energy.  Just 
as conventionally-fueled power plants bear the risk that fuel prices will rise, wind and solar 
developers bear the risk that wind speeds or solar radiation will be below-average for significant 
time periods (and gain when the converse occurs).  If production is significantly below average, 
the plant developer, off-taker, or other third party bears a substantial risk that they will have to 
procure additional power from the marketplace at prices much higher than their own cost of 
production. 

In sum, there are several uncertainty costs that our models simply do not capture.  Because these 
are somewhat offsetting, and are themselves of uncertain size and impact, we believe our results 
remain useful and reasonably accurate.  Moreover, when individual scenario results are provided 
later in this report, these considerations can be factored in qualitatively.  However, in view of 
these uncertainties it is appropriate to view our results as illustrating a point within a range of 
outcomes that slightly disfavors natural gas additions if the cost of fuel price uncertainty is large 
at the time of investment commitment and wind or solar if it is the cost of output uncertainty 
that is large at that time.  The obvious corollary is that financial market products or conditions 
that lead to lower-cost hedges for fuel prices or renewable outputs, or technological changes that 
lower renewable output uncertainties, reduce the cost of uncertainty for their respective 
generator types and therefore the band of uncertainty around our results.     

  

                                                   
12  It is possible that the power plant developers have hedged against fuel price increases and/or hedged 

against changes in market prices.  These hedges may be purely financial instruments or long-term 
physical contracts.  Regardless of their form, hedges have a cost.  The cost of these hedges may be 
thought of as the cost of removing uncertainty or risk aversion.  Either way, this cost is not included 
in our models. 
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 III. DISCUSSION OF KEY INPUTS AND SCENARIOS 

Our scenarios revolve around changes in technology and fuel costs, market rules, and changes in 
federal environmental policies.  To better understand these scenarios, it is first helpful to 
examine some of the options and data we have analyzed and made a part of our reference case.     

LOAD GROWTH, DEMAND RESPONSE, AND ENERGY EFFICIENCY 

All our scenarios begin with ERCOT’s most recent load forecast from its 2013 Long-Term 
Demand and Energy Forecast (LTDEF), which shows growth of approximately 1.71% in peak 
load and 1.68% in sales through 2022.13  We extend the 2012-2022 forecast through 2032 at a rate 
of 0.95% and 0.98% for peak load and sales, respectively, based on a 5-year compound average 
growth rate of 2017-2022 for both energy and peak.  Among other things, this approach is 
equivalent to assuming that no significant new energy efficiency or demand response policies 
affect ERCOT’s load and sales growth during the study period, nor that upward price increases 
reduce demand via market forces.  While this may not be the most likely outcome over the study 
period, the main focus of our work is on the distribution of supply-side additions rather than the 
division of growth between supply and demand measures. 

Consistent with this approach, we begin all scenarios with an assumed constant 500 MW of 
existing price-based demand response (activated at $557 per MWh) and 1,222 MW of 
interruptible load activated at the System-Wide Cap price.  We allow a limited amount of new 
demand response to compete equally with new generation additions.  Specifically, we allow the 
market to add 1,500 MW of industrial demand response and 2,000 MW of residential/commercial 
demand response each year as an alternative or complement to other resources.  To be deemed 
economic, new demand response must run between 75 and 100 hours per year at a price of $530 
per MWh for industrial DR and $1,100 per MWh for industrial and commercial loads.  Demand 
response may participate in any market for which it is qualified, which excludes the real-time 
energy market at present.14 

FUEL PRICES 

We have generally adopted the most recent fuel price forecasts from the U.S. Energy Information 
Administration (EIA) and our assumption for coal, gas, oil, and nuclear fuels.  These forecasts are 
summarized in Table III-1.  As can be seen, coal and nuclear prices are expected to be essentially 
constant in real terms in all our scenarios, but real natural gas prices increase at an average 
annual rate of 2.9% and 4.0% in the reference and high gas cases respectively.  EIA’s forecasted 
                                                   
13  “2013 ERCOT Planning Long-Term Hourly Peak Demand and Energy Forecast,” ERCOT, December 

31, 2012. 
14  See Load Participation in the ERCOT Nodal Market, ERCOT 6/27/13. 
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gas prices at Henry Hub are adjusted to reflect Texas delivery locations using historical basis 
differences for a sample of ERCOT delivery locations. 

Table III-1: Overview of Fuel Price Assumptions 

Fuel 2012 Price ($2012) Real Average 
Compound Growth 

Rate, 2013-32 

Source 

Coal $1.85 (Lignite) 
$1.99 (PRB) 

$1.67 (Petroleum Coke) 

Constant Real Prices SNL Energy 
Delivered Fuel 
Prices and 2013 

AEO 
Natural 
Gas 

$1.90 - $3.49 (Monthly) Reference: 2.9% 
High: 4% 

SNL Energy 2012 
Historical Texas 

Hub Prices and EIA 
2013 AEO 

Biomass $2.50 Constant Real Prices Authors’ 
assumption 

Nuclear 
Fuels 

$0.45 Constant Real Prices Authors’ 
assumption 

As shown in Figure III-1 below, our reference case natural gas prices are quite similar to 
ERCOT’s, except that ERCOT’s current reference prices are higher than current market 
prices.  Nonetheless, the differences between our reference prices and ERCOT’s are unlikely 
to introduce significant differences in our results.  Our high-price scenario is significantly 
below ERCOT’s high price case, but still represents more than a doubling of real natural gas 
prices over the study period.  The high-priced gas case in Figure III-1 is used to create the 
high-gas-price scenarios we simulate.  
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Figure III-1 

 

 

GENERATION OPTIONS 

Table III-2 lists the technology options we assume the market uses to select new capacity 
additions.  The attributes for each capacity option are derived from a variety of sources, including 
ERCOT, EIA, and other sources.  Note that advanced CC units are assumed to become available 
in 2020 and that all capital and operating costs are assumed to decline slightly over time to reflect 
learning curve effects and other technological improvements.  

With a few exceptions described below, the performance and cost attributes of existing and 
planned generating units was based on ERCOT’s Interconnection: Long-Term Transmission 
Analysis, which was performed with the support of the U.S. Department of Energy (DOE LTS).15     

                                                   
15  http://www.ercot.com/content/committees/other/lts/keydocs/2013/DOE LONG TERM STUDY -

_Draft_V_1_0.pdf. 
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With regard to fixed operations and maintenance (FOM) costs for existing steam units, in place 
of ERCOT assumptions we assumed that FOM rises by $600 per MW per year of operation based 
on EPA estimates.16  As noted in Section III, increased FOM and variable O&M (VOM) due to 
the cost of environmental retrofit installations are based on Brattle’s internal analysis.   

Table III-2: Summary of New Generation Option Attributes  

 

 

In addition to the capital costs specified in Table III-2, generating units must also face electrical 
interconnection costs.  Fossil-fueled generating units are charged $30 per kW while renewable 
generators are charged $100 per kW for interconnection costs.  These costs remain constant over 
the modeling horizon in real terms. 

                                                   
16  Adapted from IPM 2006 Base Case Assumptions, Section 4. 
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Existing non-nuclear units are retired as specified in ERCOT’s data files, with the exception of 
wind power generators.  Nuclear units are forced to retire after 60 years of operations, based on a 
40 year lifetime plus 20 year life extension.  The physical lives of solar PV and wind plants were 
assumed to be 30 and 20 years, respectively.  Natural gas-fired simple and combined cycle units 
were not given a fixed life, but are assumed to require a turbine overhaul with a cost equal to 
45% of the unit’s initial capital cost, adjusted for inflation, to continue operating past 30 years.  If 
the simulation system finds this upgrade to be uneconomic, the unit is retired.   

New nuclear were allowed to be added with 2025 as their earliest commercial operation date, but 
this option was also never selected.  New hydroelectric plants were not considered.   

ERCOT MARKET RULES  

Our models reflected ERCOT’s current energy market, with the current PBPC approach to 
scarcity pricing.  The system’s real time price caps are set at $5,000/MWh until 2014, 
$7,000/MWh until 2015, and then $9,000/MWh.17  The initial level of required ancillary services 
are:   

• Regulation reserves assumed to be 600 MW for regulation up and 600 MW for 
regulation down 

• Responsive reserves are 2,800 MW, of which 1,400 MW can be met by demand-side 
resources, so only model 1,400 MW of responsive reserves from generating units 

• Non-spin reserves are assumed to be 1,500 MW. 

In scenarios with high levels of wind and solar penetration,18 the ancillary service requirements 
were adjusted to maintain reliable system operation under increased variability and uncertainty.  
Moreover, we found that to ensure reliable intra-day operations the system would have to set 
aside a certain amount of capacity that can be committed intra-day to cover for day-ahead 
renewable forecast errors.  We modeled this as a day-ahead requirement for a new ancillary 
service we term Intra-day Commitment Option (“ICO”).  The requirement is a function of day-
ahead forecast uncertainty, and can be met by spinning capacity as well as the capacity of offline 
units that can be started intra-day – CC, CT or IC.  While we modeled the ICO requirement, we 
note that potentially a similar effect may be attained in practice without an explicit ancillary 
service requirement.  For example, market participants may set aside capacity from the day-
ahead market to offer it into the real-time markets in situations of high day-ahead renewable 

                                                   
17  PBPC “dummy” units are able to meet the responsive reserve and allow real generating units to meet 

energy needs.  This mimics the process used by the SCED system in ERCOT. 
18  These are the High Gas Prices, the High Gas Prices and Low Renewables Costs, and the Stronger 

Federal Carbon Rule scenarios. 
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forecast levels (which may lead to scarcity and high real-time prices if the high day-ahead 
forecast do not materialize).  Also, forecast improvements, increased resource diversity and 
changes to the day-ahead timing may help reduce the impacts of renewable forecast errors.  

A more detailed discussion of operational assumptions is provided in Appendix B.   

WIND AND SOLAR -- COSTS AND POLICY TREATMENT 

Our scenario with lower renewables costs creates a lower overall capital cost trajectory for wind 
and solar energy, as shown in Figure III-2.  This trajectory is based on recent cost projections by 
the Electric Power Research Institute (EPRI) as well as the authors’ analysis of wind and solar 
cost trends.  From the range of future costs estimated by EPRI, we employ a 2015 value towards 
the low end of the range and reduce costs by 0.25% per year. based on EIA’s most recent 
estimates.  We employ a 2015 PV cost near the high end of EPRI’s range and reduce costs 2.6% 
per year, much less than recent history but a reasonable going-forward forecast.  As the figure 
shows, the low-cost scenario represents about a fifteen percent reduction in solar and wind 
capital costs in 2032, which isless than the cost declines embedded in the reference case between 
now and 2032 for solar.  Nevertheless, as shown in the results section, even this relatively modest 
change in cost is impactful.  

The policy treatment of renewable energy resources is also a significant factor in expansion 
decisions.  We first assume that the Texas renewable portfolio standard (RPS) rule currently in 
place remains unchanged through 2032, treating its goals as a firm requirement.  Our models also 
assume that the current wind PTC is available to units online by the end of 2015 based on recent 
IRS guidance.  Purely to create a mid-course assumption regarding the continuation of the wind 
PTC, we assume the tax credit will continue in its present form at a reduced rate over a four-year 
phase-out period, declining 25% per year 2016-2019.  Similarly, we assume that the current 30% 
investment tax credit for PV plants is available to all Texas additions through 2016 and then 
decreases to 10% for the remainder of the period.   

As noted in the introduction, our models do not implement any distribution-system-related 
changes or costs related to PV.  As a result, our PV additions are best interpreted as utility-scale 
solar installations rather than rooftop systems.  We assume these solar PV units are located across 
the ERCOT footprint.  

New wind units could be constructed in the Southern ERCOT region, the Northwestern Texas 
CREZ region, and the Panhandle, but total wind installed in the Southern region was limited to 5 
GW total based on ERCOT’s guidance. 

Finally, the relatively new supply chains installing wind and solar plants and the requirements to 
adjust market processes as variable resources grow prompted us to place limits on the maximum 
amount of wind or solar the market could add in one year.  Based on our own analysis of wind 
and solar growth patterns, reproduced in Appendix C, we limit solar additions to a maximum rate 
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of growth of 3000% during their first year of installation and 300% all subsequent years.19  In 
addition, aggregate solar installations are limited to 50% of maximum coincident hourly load, a 
limit of 24.3 GW which is not reached in any of our scenarios through 2032.  Wind additions are 
similarly limited to 3,000 MW/year statewide.   

Figure III-2 

 

TRANSMISSION SYSTEM ASSUMPTIONS 

ERCOT was simulated as four interconnected subregions: Central ERCOT, the South Region, the 
Northwestern Texas CREZ Region, and the Panhandle.  In PSO we also model the import limits 
into the major metropolitan areas: Houston, DFW, San Antonio and Austin.   

 

                                                   
19  Although 3000% may sound like a large addition, it is operating off a small base of 132.4 MW as of Q2 

2013, according to the SEIA/GTM Research Solar Market Insight.  A 3000% increase would amount to 
approximate 4,000 MW, an amount that large solar markets have been able to add in some markets 
around the world.   
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It is important to note that we assumed a CREZ-like rate treatment for the recovery of 
transmission expansion costs in our analysis.  We assumed that transmission expansion costs 
were recovered via a system-wide equal volumetric tariff on all transmission in ERCOT.  Under 
this treatment, the costs of these transmission upgrades were not charged to the new generation 
sources seen as the primary cause of the upgrade.  Were we to change this treatment, it is likely 
that the new sources required to pay for these upgrades (primarily new wind plants) would be 
built significantly less frequently in our simulations, tilting new construction towards the next 
cheapest alternatives, primarily gas and solar additions close to loads. 

STORAGE TECHNOLOGIES  

We have not modeled storage as an available large-scale energy option for ERCOT developers.  
This decision does not reflect a view that storage has no near-term future in the power industry.  
Instead, our preliminary research simply found that, in the range of [deterministic] natural gas 
prices contained in our scenarios, large-scale storage was unlikely to be a market-selected option 
through 2030.20  We believe it is much more likely that certain storage technologies may provide 
competitive ancillary services during the study period, including regulation.  This creates a slight 
bias in favor of natural gas technologies, which are the primary alternative source of fast-acting 
regulation.  However, the difference is limited to about 1300 MW in regulation, which is the 
largest amount of this service required in any of our scenarios.   

MARKET RULES AND THE REQUIRED RESERVE MARGIN 

Our simulation of ERCOT’s market represents an attempt to capture market outcomes in a series 
of complex, interconnected markets, all operated in accordance with many state and federal 
policies.  We begin the simulation with the Reference Case with No Required Reserve Margin 
where all market rules and structures as they are today and modify them in future years only if 
the models indicate that changes are necessary to preserve reliability.  We note that ERCOT 
continues to improve its market structure, and is now planning to retool its ancillary services 
(AS) market, among other changes.  We believe our modeling approach is consistent with 
periodic market-driven incremental improvements made by ERCOT, such as the planned AS 
market updates.  

Almost all other scenarios deviate from the above by including a required reserve margin.  In 
these simulations, our models are programmed to require that capacity sufficient to maintain a 
13.75% reserve margin operates in every year.  Although there are a variety of mechanisms for 
ensuring required reserves, we employ the following simplified approach:  when (in the absence 
of a capacity market) revenues in the energy and ancillary services markets are not sufficient to 
                                                   
20  In addition, most forms of pumped storage and compressed air energy storage require a type of 

geographic site that is not commonly found in Texas. 
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induce this reserve margin, Xpand implements the lowest-cost solution to adding the required 
level of capacity resources.  This approach does not in any way constitute an endorsement of this 
particular means of increasing the reserve margin relative to other options; it is merely the 
approach most easily modeled in our framework. 

EMISSION RULES AND CARBON EMISSIONS SCENARIOS 

In all scenarios we assume that state and federal environmental rules pertaining to power 
generators remain in place.  In particular, the EPA Mercury and Air Toxics Rule (MATS) is  
enforced by 2016, so that by that date all coal and oil units must install or have installed some 
combination of scrubbers, active carbon injection (ACI) or particulate controls (“Baghouses” or 
upgraded ESPs) as well as some form of NOx controls (SCR or SNCR).  The costs of these 
pollution controls are in addition to unit-specific base case O&M costs provided to us by ERCOT 
and impact both the fixed and variable O&M costs of coal units.  

Actual estimates of the incremental costs of adding these pollution controls are based on a 
separate Brattle Group analysis of the impact of the EPA MATS rule on coal-fired generators.    

This analysis begins with retrofit technology cost assumptions from EPA’s Integrated Planning 
Model (IPM) and a 2011 EEI study and examines each Texas plant’s expected cost of compliance 
with the MATS rule.21  In all our scenarios, these compliance outlays alone are not significant 
enough to trigger any economic retirements of the existing ERCOT coal fleet. 

Our final two scenarios examine two possible forms of an EPA rule requiring Carbon Capture 
and Sequestration (CCS) on all new and existing ERCOT coal-fired plants.  In Scenario 5, we 
apply all reference case assumptions as well as a rule requiring coal plants to capture and 
sequester 50% of their CO2 output by the year 2025.  Scenario 6 is the reference case plus an 
assume rule requiring 90% CO2 capture.  The costs of adding CCS to plants at both levels is 
derived from  Department of Energy’s (“DOE”) National Energy Technology Laboratory (NETL) 
report22 and is assumed identical across all ERCOT plants.  

  

                                                   
21  EPA IPM Base case V4.10 (Aug 2010).  
22  DOE/NETL-401/110907, Carbon Dioxide Capture from Existing Coal-Fired Power Plants.  
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 IV. RESULTS AND DISCUSSION  

We begin this section by discussing the main features of each of the six scenarios.  Because the 
primary focus of our work is the pattern of capacity additions and the interaction of fuels, we 
devote most of this discussion to new installations and the generation mix.  Following these 
individual discussions, we compare certain key scenario metrics, such as prices and carbon 
emissions, across all six scenarios and offer concluding observations.    

REFERENCE CASE WITHOUT REQUIRED RESERVES 

Our Reference Case without a required reserve margin is the scenario that reflects all current 
practices and policies, including the absence of a required reserve margin in ERCOT.23  Although 
we label this scenario reference, it is not designed to represent our predicted or most likely 
scenario – only a starting point for our analysis.  It is also worth noting that all scenarios have 
identical sales, peak loads, and baseline DR, so that all differences between scenarios are almost 
entirely the result of differences in the mix and operation of market resources.    

Table IV-1 and Figure IV-1 show the evolution of installed capacity from the present until 2032.  
On this and all other charts in this section, current (2012) installed capacity by type is shown in 
solid colors and new additions (2013-2032) are in shaded colors, all indicated in the legend on 
the right side of the figure.   

In this scenario, a total 17.2 GW of older steam turbine as well as northwestern Texas wind 
retires through 2032.  Meanwhile, total net capacity grows by about 13.3 GW (16%), to 96.9 GW, 
meaning that 30.4 GW of total new construction occurs. 

   

                                                   
23  As a reminder, we treat the Texas RPS goals as firm requirements, not optional renewables levels.  

However, in most scenarios and most years the RPS targets, which begin at 5 GW total installed 
renewables in 2015 and increases to 10 GW total in 2025, are rarely binding constraints.  In other 
words, our projections indicate that the market would install at least these levels of total renewables 
even without a requirement.  
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Table IV-1 
Existing and New Generating Resources 

Reference Case without Required Reserve Margin 
(MW) 

2012 2017 2022 2032 Growth, 2012-2032

Existing
Cumulative 
Retirements

Cumulative 
New Builds

Total
Cumulative 
Retirements

Cumulative 
New Builds

Total
Cumulative 
Retirements

Cumulative 
New Builds

Total MW %

Nuclear 5,132 0 0 5,132 0 0 5,132 0 0 5,132 0 0%
Coal 18,694 395 925 19,224 395 925 19,224 395 925 19,224 530 3%
Steam Oil/Gas 12,616 1,341 0 11,275 1,805 0 10,811 7,038 0 5,578 -7,038 -56%
Combined-Cycle Gas 31,644 0 3,482 35,126 0 9,470 41,114 0 19,302 50,945 19,302 61%
Combustion Turbine Gas 4,833 0 400 5,233 0 400 5,233 0 400 5,233 400 8%
Internal Combustion Gas 243 0 0 243 0 0 243 0 0 243 0 0%
Hydro 542 0 0 542 0 0 542 0 0 542 0 0%
Biomass 159 0 0 159 0 0 159 0 0 159 0 0%
Wind - Northwest 8,171 40 550 8,681 1,008 550 7,713 8,171 550 550 -7,621 -93%
Wind - Coastal 1,586 0 400 1,986 0 400 1,986 1,586 400 400 -1,186 -75%
Wind - Panhandle 0 0 3,000 3,000 0 3,000 3,000 0 3,000 3,000 3,000 N/A
Solar 30 0 0 30 0 0 30 0 5,867 5,897 5,867 19557%
TOTAL 83,650 1,776 8,757 90,631 3,208 14,745 95,187 17,190 30,444 96,903 13,254 16%
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Figure IV-1 
Installed Capacity by Type 

Reference Case without Required Reserve Margin 

 

As shown most clearly in the table, about two-thirds this new capacity – over 19 GW – is gas 
combined cycle, with only a handful of new gas combustion turbines constructed.  Almost 4 GW 
of additional wind is added, nearly all of it in the Panhandle, where onshore wind resources are 
especially strong and better correlated with ERCOT’s peak loads.  Meanwhile, nearly all of the 
existing wind capacity reaches the end of its assumed 20-year life and – in this scenario – the 
market does not find it economical to replace this wind capacity right away. 

Interestingly, total PV additions through 2032 are almost 6 GW, exceeding wind additions – but 
100% of these additions occur starting in 2028, when our forecasts show that these resources 
become economic with only a 10% ITC at then-projected wholesale power prices.  The 
simulation’s selection of gas, PV and Panhandle Wind reflects relatively low gas prices and PV 
prices that have declined to become competitive at wholesale price levels.  In addition, Texas PV 
plants have a peak output that more closely matches the load and price patterns in ERCOT than 
Northwest wind.  Under these conditions, as the unit cost of solar capacity approaches the unit 
cost of Northwest wind turbines the simulated market tends to choose PV. 
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In this scenario there are no significant new additions or retirements of coal-fired capacity.  The 
one coal plant addition shown in our results is the Sandy Creek station, a 925-MW plant that 
became operational during 2013.  Obviously, this is now an actual unit, and no other coal 
additions are projected in this scenario.  Foreshadowing our remaining findings, this is true in all 
six scenarios.  Only one coal unit, at 395 MW, is retired in this case.  One of the largest changes 
in the market is the retirement of 7 GW of oil and gas steam turbine power plants, all of which 
are effectively replaced by gas CCs.  However, as we show in the next scenario, many of these 
retirements do not occur with a reserve margin requirement.  

The results of this capacity addition pattern on the percentage of energy supplied to the market 
by type is shown in Figure IV-2.  Starting from the bottom of the chart, nuclear generation is 
essentially constant through 2032- a common feature in all our scenarios since the total size of 
the market increases each year, this means that its share declines slowly as total generation 
grows.  Following the 2013 increment from Sandy Creek, the same is true of coal generation; 
only one small coal unit retirement in this scenario and a lower market share over time.   

 
Figure IV-2 

Generation Mix by Type 
Reference Case without Required Reserve Margin 
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Total estimated renewable generation – predominantly wind – declines about 2,600 GWh (about 
9%) between 2012 and 2032.  Within this decline, however, new solar rises quickly from 2027-
2032 and biomass power rises steadily throughout the period, from only 68 GWh of generation 
in 2012 to over 13,000 GWh in 2032.  As the market grows, renewables’ share declines and gas 
generation takes virtually all growth in generation, particularly prior to 2027, ending at a 
roughly 50% energy share.  

Representative unit margins are shown in Table IV-2.   
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Table IV-2 
Average Simulated Unit Margins 

Reference Case without Required Reserve Margin 
 

 

Results - 2017 Results - 2022 Results - 2032

Unit Energy Margins (2012$/kW-year) Unit Energy Margins (2012$/kW-year) Unit Energy Margins (2012$/kW-year)

Energy-only
Energy and 

Ancillary Services
Energy-only

Energy and 
Ancillary Services

Energy-only
Energy and 

Ancillary Services

Coal $115.92 $115.92 Coal $120.21 $120.22 Coal $161.97 $161.97
ST $28.96 $66.90 ST $1.36 $13.77 ST -$2.23 $32.87
CC $60.88 $62.59 CC $21.32 $22.83 CC $7.15 $11.69
CT $35.34 $56.48 CT $9.87 $17.71 CT $1.67 $50.95
IC $63.38 $66.32 IC $25.75 $27.13 IC $6.22 $10.70
WT $100.12 $100.12 WT $112.01 $112.01 WT $0.00 $0.00
PV $115.11 $115.11 PV $102.67 $102.67 PV $106.58 $106.58
New Coal $126.83 $126.83 New Coal $131.65 $131.65 New Coal $171.42 $171.42
New CC $97.58 $97.91 New CC $72.61 $72.93 New CC $61.31 $61.60
New CT $48.45 $70.22 New CT $8.64 $30.32 New CT -$0.76 $63.26
New WT $119.68 $119.68 New WT $131.46 $131.46 New WT $155.91 $155.91
New PV $0.00 $0.00 New PV $0.00 $0.00 New PV $106.58 $106.58
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The unit margins shown in this table are all capacity-weighted average dollars per kilowatt-year 
by type and distinguish between new and existing units.  The distinction between new and 
existing units is important because the two classes have different heat rates and operating 
characteristics and therefore different earnings.  Unlike Table IV-1, however, the wind lines in 
this table are the capacity-weighted average of all new and installed units in all locations. The 
energy market revenues units earn as computed by PSO are shown in two columns for each year, 
energy market margins and ancillary services margins. 

The margin results help illustrate the reasons why capacity installations follow the pattern 
shown in Figure IV-1.  CTs earn essentially all of their margins in the ancillary services markets, 
as expected.  Wind turbines are shown as having zero margins in 2032 simply because all wind 
units in existence in 2012 have retired.    

REFERENCE CASE WITH REQUIRED RESERVES 

The results of our reference case with required reserves are shown in Table IV-3 and Figure IV-
3.  As expected, the addition of a required reserve margin makes a few significant changes to the 
results of the first reference case, but the basic character of our findings is quite similar.  Most 
significantly, about 2,700 MW of the older steam turbine units no longer retire, as the capacity 
payments they receive are sufficient to keep them operating even when they receive virtually no 
energy or ancillary services margins.  In addition, about 2,000 MW of additional combined cycle 
plants, 260 MW more CTs, and 500 MW more Panhandle wind is constructed by 2032.  Net total 
2032 installed capacity increases by 18.2 GW, 5 GW more than the reference scenario, indicating 
the intended effect of the reserve margin policy. 

    



 

30 | brattle.com 

Table IV-3 
Existing and New Generating Resources 

Reference Case with Required Reserve Margin 
(MW) 

 
  

2012 2017 2022 2032 Growth, 2012-2032

Existing
Cumulative 
Retirements

Cumulative 
New Builds

Total
Cumulative 
Retirements

Cumulative 
New Builds

Total
Cumulative 
Retirements

Cumulative 
New Builds

Total MW %

Nuclear 5,132 0 0 5,132 0 0 5,132 0 0 5,132 0 0%
Coal 18,694 395 925 19,224 395 925 19,224 395 925 19,224 530 3%
Steam Oil/Gas 12,616 599 0 12,017 913 0 11,703 4,351 0 8,265 -4,351 -34%
Combined-Cycle Gas 31,644 0 3,363 35,007 0 9,962 41,606 0 21,328 52,972 21,328 67%
Combustion Turbine Gas 4,833 0 661 5,494 0 661 5,494 0 661 5,494 661 14%
Internal Combustion Gas 243 0 0 243 0 0 243 0 0 243 0 0%
Hydro 542 0 0 542 0 0 542 0 0 542 0 0%
Biomass 159 0 0 159 0 0 159 0 0 159 0 0%
Wind - Northwest 8,171 40 550 8,681 1,008 550 7,713 8,171 550 550 -7,621 -93%
Wind - Coastal 1,586 0 400 1,986 0 400 1,986 1,586 400 400 -1,186 -75%
Wind - Panhandle 0 0 3,000 3,000 0 3,000 3,000 0 3,502 3,502 3,502 N/A
Solar 30 0 0 30 0 0 30 0 5,365 5,395 5,365 17883%
TOTAL 83,650 1,034 8,899 91,515 2,316 15,498 96,832 14,503 32,731 101,877 18,228 22%



 

31 | brattle.com 

Figure IV-3 
Installed Capacity by Type 

Reference Case With Required Reserve Margin 

 

There are several interesting aspects of the incremental expansion and retirements triggered by 
the required reserve margin.  In contrast to the common assumption that reserve requirements 
tend to favor new CT construction, this requirement causes existing steam units to remain in 
operation and additional Panhandle wind to be built.  This outcome is obviously sensitive to the 
cost of maintaining old Texas steam turbines versus the cost of new CTs and Panhandle wind.  
Conversely, cumulative installed PV capacity declines by 500 MW versus the reference case.  
This is due to the fact that a required reserve margin reduces prices during the peak period when 
PV generates most of its energy.   

Annual generation percentages, shown in Figure IV-4, are extremely similar to those shown in 
Figure IV-2.  The addition of a mandatory reserve margin causes additional capacity to be made 
available to the market but does relatively little to change the sources of energy until after the 
2032 forecast horizon.  Natural gas continues to have a total generation share of about 50% by 
2032 and renewables – evenly divided between wind and solar – each have about 4% of the 
market.  The required reserve margin provides a slight boost to Panhandle wind, which has a 
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relatively high capacity while slightly disfavoring PV due to the reductions in peak period 
energy prices. 

 
Figure IV-4 

Generation Mix by Type 
Reference Case with Required Reserve Margin 
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Table IV-4 
Average Simulated Unit Margins 

Reference Case with Required Reserve Margin 

 

 

Results - 2017 Results - 2022 Results - 2032

Unit Energy Margins (2012$/kW-year) Unit Energy Margins (2012$/kW-year) Unit Energy Margins (2012$/kW-year)

Energy-only
Energy and 

Ancillary Services
Energy-only

Energy and 
Ancillary Services

Energy-only
Energy and 

Ancillary Services

Coal $91.71 $91.72 Coal $113.90 $113.91 Coal $156.19 $156.19
ST $9.19 $35.41 ST -$1.07 $8.51 ST -$1.11 $0.75
CC $35.34 $36.66 CC $15.78 $17.64 CC $6.52 $8.97
CT $17.59 $33.45 CT $6.06 $12.08 CT $2.23 $6.96
IC $38.94 $41.01 IC $17.05 $17.73 IC $7.31 $8.31
WT $98.55 $98.55 WT $110.58 $110.58 WT $0.00 $0.00
PV $96.55 $96.55 PV $96.85 $96.85 PV $104.92 $104.92
New Coal $103.22 $103.22 New Coal $125.54 $125.54 New Coal $165.33 $165.33
New CC $73.09 $73.34 New CC $65.92 $66.22 New CC $55.40 $55.72
New CT $23.47 $40.20 New CT $4.07 $24.50 New CT -$0.89 $21.02
New WT $116.84 $116.84 New WT $130.79 $130.79 New WT $153.00 $153.00
New PV $0.00 $0.00 New PV $0.00 $0.00 New PV $114.74 $114.74
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HIGH GAS PRICE SCENARIO 

As shown in Figure III-1, our high gas price scenario shows natural gas prices rising by about 4% 
real per year, more than doubling by 2032 in real terms.  Apart from these higher gas prices, all 
other features of our original reference scenario are preserved, including the absence of a 
required reserve margin.  Renewables support policies phase out (other than a 10% for solar PV) 
and renewable installation costs decline moderately. 

Table IV-5 and Figure IV-5 show that higher gas prices reduce the attractiveness of new and 
existing gas plants relative to wind and solar installations significantly.  From 2014 to 2023, 
nameplate wind capacity in the Texas panhandle is added more rapidly than natural gas capacity.  
Panhandle wind reaches 10 GW, by 2017; following this all wind additions are Northwest and 
Coastal.   

Gas CC capacity rises in increments throughout the period, adding a total of 12,950 MW, while 
CT additions are only 660 MW.  More than half of older steam gas units retire by 2032, leaving 
5,953 MW in service.  Overall net total gas24 capacity tops out at 57.8 GW in 2027 and ends the 
period at 56.2 GW, 6 GW larger and a much more efficient and flexible fleet.  By 2032, almost 10 
GW of PV, 4.4 GW of coastal wind, and 10 GW of Northwestern wind capacity are added, the 
latter replacing the original northwestern units that retire in the 2020s. 

 
  

                                                   
24  In ERCOT, these units all use gas. 
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Table IV-5 
Existing and New Generating Resources 

High Gas Prices – No Required Reserve Margin 
(MW) 

 

2012 2017 2022 2032 Growth, 2012-2032

Existing
Cumulative 
Retirements

Cumulative 
New Builds

Total
Cumulative 
Retirements

Cumulative 
New Builds

Total
Cumulative 
Retirements

Cumulative 
New Builds

Total MW %

Nuclear 5,132 0 0 5,132 0 0 5,132 0 0 5,132 0 0%
Coal 18,694 395 925 19,224 395 925 19,224 395 925 19,224 530 3%
Steam Oil/Gas 12,616 2,025 0 10,591 2,025 0 10,591 6,663 0 5,953 -6,663 -53%
Combined-Cycle Gas 31,644 0 3,882 35,526 0 7,650 39,294 79 12,950 44,515 12,871 41%
Combustion Turbine Gas 4,833 0 150 4,983 0 360 5,193 0 660 5,493 660 14%
Internal Combustion Gas 243 0 0 243 0 0 243 0 0 243 0 0%
Hydro 542 0 0 542 0 0 542 0 0 542 0 0%
Biomass 159 0 0 159 0 0 159 0 0 159 0 0%
Wind - Northwest 8,171 40 684 8,815 1,008 684 7,847 8,171 9,974 9,974 1,803 22%
Wind - Coastal 1,586 0 2,266 3,852 0 2,266 3,852 1,586 4,407 4,407 2,821 178%
Wind - Panhandle 0 0 10,000 10,000 0 10,000 10,000 0 10,000 10,000 10,000 N/A
Solar 30 0 0 30 0 0 30 0 9,641 9,671 9,641 32137%
TOTAL 83,650 2,460 17,907 99,097 3,428 21,885 102,107 16,894 48,557 115,313 31,663 38%
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Figure IV-5 
Installed Capacity by Type 

High Gas Prices – No Required Reserve Margin 

 

 

Figure IV-6 shows the generation mix for the High Gas Scenario.  The gradual declines in coal’s 
and nuclear’s share of generation mirrors the previous scenario.  Although absolute gas 
generation increases by about 87 BCF (about 11%) between 2017 and 2032, gas’ share of the mix 
trends downward through 2017 and again starting in 2028, when renewables’ cost advantage 
becomes especially clear.  By 2032, renewables are supplying 25.8% of all ERCOT energy and gas 
is providing 29.7%.   
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Figure IV-6 
Generation Mix by Type 

High Gas Prices – No Required Reserve Margin 

 

Table IV-6 shows generator margins in the three converged years.  Even without a required 
reserve margin payment stream, the table also shows that coal and renewable generators enjoy 
much higher margins than in prior scenarios.  This is because higher gas prices create higher 
energy market prices, while fuel costs do not change for coal and renewable generators.  The few 
steam turbines that do not retire earn essentially all their revenues from ancillary services in 
both 2017 and 2032.  Similarly, new CTs do not earn enough to warrant construction but existing 
CTs remain, and by the end of the period CCs are no longer earning adequate margins in the 
absence of a capacity-like payment.  No new coal plants are built in this scenario, but only 395 
MW of small coal-fired generators retire in this scenario. 

Note that new CTs exhibit lower margins than existing CTs in this scenario.  This is because the 
margins in Table IV-6 do not include out-of-market payments, such as start-up cost payments.  
The new CTs are significantly more efficient than existing CTs and as a result cycle much more 
frequently, many times not recovering the start-up costs with energy and ancillary service 
revenues.  With out-of-market payments covering start-up cost shortfalls, new CTs would have 
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higher margins than existing CTs, as expected.  The same phenomenon occurs in the other 
scenario with high renewable penetration and new CT capacity, the Stronger Federal Carbon 
Rule scenario. Scenarios with lower renewable penetration levels require less CT cycling, and so 
the new CT margins are higher than the existing CT margins even without accounting for any 
out-of-market revenues. 
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Table IV-6 
Average Simulated Unit Margins 

High Gas Prices – No Required Reserve Margin 

 

 

Results - 2017 Results - 2022 Results - 2032

Unit Energy Margins (2012$/kW-year) Unit Energy Margins (2012$/kW-year) Unit Energy Margins (2012$/kW-year)

Energy-only
Energy and 

Ancillary Services
Energy-only

Energy and 
Ancillary Services

Energy-only
Energy and 

Ancillary Services

Coal $119 50 $119.77 Coal $226 80 $227.07 Coal $245.79 $246.15
ST $6 34 $20.56 ST $31 04 $48.34 ST -$1.38 $7.91
CC $24 03 $25.55 CC $60.46 $61.72 CC $7.97 $9.45
CT $8.65 $51.53 CT $38 99 $91.86 CT $1.46 $44.09
IC $18 87 $41.35 IC $56.65 $74.91 IC $0.58 $21.04
WT $108.15 $108.15 WT $141 03 $141.03 WT $0.00 $0.00
PV $106 28 $106.28 PV $160 25 $160.25 PV $135.44 $135.44
New Coal $130.79 $130.96 New Coal $238 03 $238.19 New Coal $254.09 $254.31
New CC $45 90 $47.29 New CC $114.48 $115.10 New CC $65.36 $65.95
New CT $1 03 $26.17 New CT $43 06 $65.24 New CT -$17.62 $40.08
New WT $127 03 $127.03 New WT $161.17 $161.17 New WT $179.26 $179.26
New PV $0 00 $0.00 New PV $0 00 $0.00 New PV $135.44 $135.44
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 HIGH GAS PRICES AND LOW RENEWABLES COSTS 

This scenario includes the high gas prices examined above, a required reserve margin, and 
slightly more rapid reductions in the cost of wind and solar plants than in the Reference case.  
The results for this scenario are shown Table IV-7 and Figure IV-7.  As one would expect, this 
scenario is similar to the High Gas – No Required Reserves Case, with the (somewhat offsetting) 
additions of lower-cost renewables and a required reserve margin. 
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Table IV-7 
Existing and New Generating Resources 

High Gas Prices and Low Renewables Costs 
(MW) 

 

 

2012 2017 2022 2032 Growth, 2012-2032

Existing
Cumulative 
Retirements

Cumulative 
New Builds

Total
Cumulative 
Retirements

Cumulative 
New Builds

Total
Cumulative 
Retirements

Cumulative 
New Builds

Total MW %

Nuclear 5,132 0 0 5,132 0 0 5,132 0 0 5,132 0 0%
Coal 18,694 395 925 19,224 395 925 19,224 395 925 19,224 530 3%
Steam Oil/Gas 12,616 913 0 11,703 913 0 11,703 1,309 0 11,307 -1,309 -10%
Combined-Cycle Gas 31,644 0 3,882 35,526 0 9,262 40,906 0 12,310 43,954 12,310 39%
Combustion Turbine Gas 4,833 0 150 4,983 0 150 4,983 0 150 4,983 150 3%
Internal Combustion Gas 243 0 0 243 0 0 243 0 0 243 0 0%
Hydro 542 0 0 542 0 0 542 0 0 542 0 0%
Biomass 159 0 0 159 0 0 159 0 0 159 0 0%
Wind - Northwest 8,171 40 724 8,855 1,008 724 7,887 8,171 14,633 14,633 6,462 79%
Wind - Coastal 1,586 0 2,226 3,812 0 2,226 3,812 1,586 3,959 3,959 2,373 150%
Wind - Panhandle 0 0 10,000 10,000 0 10,000 10,000 0 15,000 15,000 15,000 N/A
Solar 30 0 0 30 0 0 30 0 9,670 9,700 9,670 32233%
TOTAL 83,650 1,348 17,907 100,209 2,316 23,287 104,621 11,461 56,647 128,835 45,186 54%
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Figure IV-7 
Installed Capacity by Type 

High Gas Prices and Low Renewables Costs 

 

 

High gas prices and their attendant high energy market margins, along with a required reserve 
margin payment, yield the same 395 MW of coal plant retirements as in all prior scenarios.  
Similarly, in spite of high gas prices and low renewables costs, steam gas retirements decline 
from 6,663 MW in the high-gas-no- required reserve to 1,309 MW in this scenario, and over 12 
GW of new CCs are constructed.  However, renewable capacity reaches a slightly higher level 
than in any prior scenario: 15 GW of new panhandle wind, 6.4 GW of net new Northwestern 
wind, 2.4 GW of net new coastal wind and 9.7 GW of new PV by 2032.  The main difference 
between these capacity builds and the high gas – no required reserves are an incremental 10 GW 
of wind, evenly split between Northwest and the Panhandle.  This creates net total nameplate 
installations of 128.8 GW in 2032, about 13 GW higher than total installations in the high gas – 
no reserve margin scenario.  

Despite the greater installed renewable capacity in this scenario, total energy production is quite 
similar to the high gas case.  The generation mix (Figure IV-8) shows natural gas generation 
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declining to 24.5%, less than the 33% share for renewables and also below coal’s 2032 share – 
results quite similar to the high gas price scenario alone.  With respect to energy production and 
within the bounds of our scenarios, this suggests that lower renewable prices are a much smaller 
driver of energy sales results than are changes in the price of natural gas. 

 
Figure IV-8 

Generation Mix by Type 
High Gas Prices and Low Renewables Costs 

 

Generator margin computations for this scenario appear in Table IV-8.  The main differences 
between these results and the comparable data for the High Gas price scenario alone are due to 
the required reserve margin, which is not part of the High Gas scenario.  Required reserve 
margin lowers steam gas plants margins since there are fewer very high priced hours to support 
these units.  Similarly, margins for renewable plants with high peak coincidence decline due to 
lower on-peak energy prices. 
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Table IV-8 
Average Simulated Unit Margins 

High Gas Prices and Low Renewables Costs 

 

 

Results - 2017 Results - 2022 Results - 2032

Unit Energy Margins (2012$/kW-year) Unit Energy Margins (2012$/kW-year) Unit Energy Margins (2012$/kW-year)

Energy-only
Energy and 

Ancillary Services
Energy-only

Energy and 
Ancillary Services

Energy-only
Energy and 

Ancillary Services

Coal $115.15 $115.41 Coal $172.99 $173.25 Coal $202.20 $202.87
ST $3.10 $11.64 ST -$0.67 $5.31 ST -$1.66 $2.20
CC $20.07 $21.17 CC $9.27 $10.46 CC $1.75 $4.47
CT $4.85 $32.51 CT $1.28 $31.71 CT -$0.72 $30.14
IC $13.50 $26.10 IC $2.04 $16.06 IC -$3.42 $23.79
WT $107.00 $107.00 WT $131.33 $131.33 WT $0.00 $0.00
PV $104.16 $104.16 PV $121.16 $121.16 PV $125.96 $125.96
New Coal $126.05 $126.21 New Coal $183.51 $183.67 New Coal $211.63 $212.09
New CC $39.89 $41.12 New CC $54.93 $55.45 New CC $40.65 $40.76
New CT $0.00 $0.00 New CT $0.00 $0.00 New CT $0.00 $0.00
New WT $125.70 $125.70 New WT $153.55 $153.55 New WT $150.26 $150.26
New PV $0.00 $0.00 New PV $0.00 $0.00 New PV $120.21 $120.21
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MODERATE FEDERAL CARBON RULE 

This scenario is identical to the reference scenario with required reserves, with the sole 
exception that a rule is added that requires all existing coal plants to capture and sequester 50% 
of their CO2 output.  Based on U.S. Department of Energy data we estimate that the cost of CCS 
technology that meets this requirement is $773/kW at 2012 prices. 

The interesting conclusion emerging from this analysis is that the capacity outcomes of this 
scenario are substantially the same as the Reference case,25 though carbon emissions are 
significantly reduced.26  Capacity additions and generation mix, and most other attributes of the 
scenario are quite similar.  This can be seen by comparing Figures IV-9 and IV-10, installed 
capacity and generation mix for this scenario, to Figures IV-1 and IV-2 for the Reference case.  
Table IV-9, showing installations is also quite similar, with two exceptions we turn to in a 
moment.   

  

                                                   
25  Due to the similarities between this scenario and the Reference case we did not iterate between Xpand 

and PSO for this scenario. 
26  Carbon emissions are documented in a separate subsection below. 
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Table IV-9 
Existing and New Generating Resources 

Moderate Federal Carbon Rule with Required Reserve Margin 
(MW) 

 

 

 

2012 2017 2022 2032 Growth, 2012-2032

Existing
Cumulative 
Retirements

Cumulative 
New Builds

Total
Cumulative 
Retirements

Cumulative 
New Builds

Total
Cumulative 
Retirements

Cumulative 
New Builds

Total MW %

Nuclear 5,132 0 0 5,132 0 0 5,132 0 0 5,132 0 0%
Coal 18,694 395 925 19,224 395 925 19,224 711 925 18,908 214 1%
Steam Oil/Gas 12,616 599 0 12,017 913 0 11,703 3,627 0 8,989 -3,627 -29%
Combined-Cycle Gas 31,644 0 3,176 34,820 0 9,775 41,418 0 24,419 56,062 24,419 77%
Combustion Turbine Gas 4,833 0 849 5,682 0 849 5,682 0 849 5,682 849 18%
Internal Combustion Gas 243 0 0 243 0 0 243 0 0 243 0 0%
Hydro 542 0 0 542 0 0 542 0 0 542 0 0%
Biomass 159 0 0 159 0 0 159 0 0 159 0 0%
Wind - Northwest 8,171 40 550 8,681 1,008 550 7,713 8,171 550 550 -7,621 -93%
Wind - Coastal 1,586 0 400 1,986 0 400 1,986 1,586 400 400 -1,186 -75%
Wind - Panhandle 0 0 3,000 3,000 0 3,000 3,000 0 3,502 3,502 3,502 N/A
Solar 30 0 0 30 0 0 30 0 5,365 5,395 5,365 17883%
TOTAL 83,650 1,034 8,900 91,516 2,316 15,499 96,833 14,095 36,010 105,565 21,915 26%
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Figure IV-9 
Installed Capacity by Type 

Moderate Federal Carbon Rule  
with Require Reserve Margin 

 

The reason this case is so similar to the Reference case with required reserves is that this 
particular form of a possible federal carbon rule does not trigger any retirements of existing Texas 
coal plants at the assumed level of CCS cost.   

By 2025 natural gas prices reach approximately $5/per million BTU, approximately 80% higher 
than they were in 2012.  At those levels, coal unit energy margins are sufficiently high that it 
makes economic sense to retrofit these units with carbon capture.  Although this level of CCS is 
assumed to require each plant to supply much more energy for its own operation, increasing its 
heat rate by 19% (reducing its efficiency), the fuel cost of coal per megawatt hour is still about 
25% less than the cost of gas in a new 2025 combined cycle plant.  This advantage improves over 
time as gas prices increase relative to coal prices   
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Figure IV-10 
Generation Mix by Type 

Moderate Federal Carbon Rule 
with Required Reserve Margin 

 

This points to the two significant differences between this scenario and the Reference case 
mentioned above.  First, compared to the reference case, energy margins in 2025 for the coal 
fleet are down approximately 42% percent.  In simple terms, the high margins coal plants earned 
in the absence of a CCS requirement are reduced, but not eliminated, by the need to invest in 
50% CCS.  Similarly, coal capacity factors are reduced by the amount of electrical energy they 
must now devote to operating the CCS technology in their own plant.  This reduces the capacity 
factor, and the net energy obtained from coal, by about 16%.   
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STRONGER FEDERAL CARBON RULE 

Our scenario with a strong federal carbon rule requires existing coal plants to capture and 
sequester 90% of their CO2 output.  In addition, this scenario uses our high gas prices, slightly 
lowered renewable energy costs (identical to those in Scenario 4), and a required reserve margin 
policy.  In other words, this scenario is equivalent to our high gas/low cost renewables case with 
an added stronger carbon rule.    

As one would expect, this case shows that most of the ERCOT coal plant fleet retires in 2025, the 
year we assume the carbon rule goes into effect.  At this point, 16 GW of coal capacity providing 
more than 30% of all ERCOT energy rapidly shifts to gas and renewable supply sources: 6 GW of 
new CC capacity and 3 GW of new wind capacity.  In the next several years, another 3 GW of 
CC capacity is added, along with another 19 GW of wind.  Solar becomes rapidly cost-effective in 
this scenario and quickly rises to over 8 GW installed by 2029.  For the remainder of the scenario 
horizon, all additional load growth is met by solar and wind additions.  These results are reported 
in detail in Table IV-10 and Figure IV-11. 
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Table IV-10 
Existing and New Generating Resources 

Stronger Federal Carbon Rule  
(MW) 

 

2012 2017 2022 2032 Growth, 2012-2032

Existing
Cumulative 
Retirements

Cumulative 
New Builds

Total
Cumulative 
Retirements

Cumulative 
New Builds

Total
Cumulative 
Retirements

Cumulative 
New Builds

Total MW %

Nuclear 5,132 0 0 5,132 0 0 5,132 0 0 5,132 0 0%
Coal 18,694 395 925 19,224 395 925 19,224 16,124 925 3,495 -15,199 -81%
Steam Oil/Gas 12,616 839 0 11,777 839 0 11,777 913 0 11,703 -913 -7%
Combined-Cycle Gas 31,644 0 2,882 34,526 0 8,522 40,166 0 25,342 56,986 25,342 80%
Combustion Turbine Gas 4,833 0 210 5,043 0 210 5,043 0 210 5,043 210 4%
Internal Combustion Gas 243 0 0 243 0 0 243 0 0 243 0 0%
Hydro 542 0 0 542 0 0 542 0 0 542 0 0%
Biomass 159 0 0 159 0 0 159 0 0 159 0 0%
Wind - Northwest 8,171 40 724 8,855 1,008 2,724 9,887 8,171 20,550 20,550 12,379 151%
Wind - Coastal 1,586 0 2,226 3,812 0 3,226 4,812 1,586 5,400 5,400 3,814 240%
Wind - Panhandle 0 0 10,000 10,000 0 12,000 12,000 0 20,000 20,000 20,000 N/A
Solar 30 0 0 30 0 0 30 0 12,581 12,611 12,581 41937%
TOTAL 83,650 1,274 16,967 99,343 2,242 27,607 109,015 26,793 85,008 141,864 58,215 70%
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Figure IV-11 
Installed Capacity by Type 

Stronger Federal Carbon Rule 

 

 

This pattern of additions is reflected in the generation mix shown in Figure IV-12.  Natural gas’ 
share of generation jumps from about 25% of total energy to over 50% in 2025 and then declines 
slowly back to about 25% by 2032.  During the 2025-2032 period, wind’s share of energy 
production rises to almost 40% of the ERCOT total and solar energy rises to about 5%, yielding a 
scenario in which variable renewables provide roughly 43% of all ERCOT energy by 2032.  
Remarkable as it may seem, our modeling indicates that this level of variable generation can be 
integrated with full reliability with properly structured ancillary services markets and a fleet of 
about 57 GW of CC capacity, 25 GW of which are newer, faster-ramping units, plus 12 GW of 
conventional steam gas plants.   
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Figure IV-12 
Generation Mix by Type 

Stronger Federal Carbon Rule 

 

Generator margins in this scenario are shown in Table IV-11.  An interesting pattern emerges 
across time for each of the new resource options.  Coal plants earn consistently high margins, 
but not high enough to cover the cost of 90% CCS.  Combined cycle plants earn significant 
revenues from all these markets (energy and ancillaries) through 2022, but by 2032 the margin 
streams are weakened greatly by cheap renewables and expensive gas.  The same phenomenon 
affects CTs even more strongly.  In contrast, wind’s energy margin is substantial in 2017 and 
grows steadily, while solar enters the market by 2032.  As observed in the High Gas scenario, 
new CT margins are lower than existing CT margins because the margins in Table IV-11 do not 
include out-of-market payments, such as start-up cost payments. 
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Table IV-11 
Average Simulated Unit Margins 

Stronger Federal Carbon Rule 

 

Results - 2017 Results - 2022 Results - 2032

Unit Energy Margins (2012$/kW-year) Unit Energy Margins (2012$/kW-year) Unit Energy Margins (2012$/kW-year)

Energy-only
Energy and 

Ancillary Services
Energy-only

Energy and 
Ancillary Services

Energy-only
Energy and 

Ancillary Services

Coal $102.33 $102.60 Coal $151.21 $151.63 Coal $110.23 $110.33
ST $3.19 $22.64 ST -$1.73 $9.39 ST -$3.90 $10.12
CC $13.79 $14.90 CC $3.87 $5.01 CC $28.40 $29.37
CT $3.29 $26.27 CT -$1.19 $18.93 CT -$0.31 $22.44
IC $3.41 $18.53 IC -$6.63 $3.60 IC -$3.26 $12.55
WT $103.50 $103.50 WT $120.50 $120.50 WT $0.00 $0.00
PV $97.78 $97.78 PV $113.50 $113.50 PV $143.91 $143.91
New Coal $113.88 $114.05 New Coal $162.10 $162.38 New Coal $172.42 $172.49
New CC $39.79 $41.52 New CC $41.22 $42.33 New CC $4.28 $5.77
New CT -$6.99 $16.53 New CT -$16.70 $1.80 New CT -$18.00 $1.30
New WT $121.93 $121.93 New WT $140.41 $140.41 New WT $177.86 $177.86
New PV $0.00 $0.00 New PV $0.00 $0.00 New PV $105.56 $105.56



 

54 | brattle.com 

PRICES AND EMISSIONS ACROSS SCENARIOS 

Figure IV-13 shows average annual energy market prices calculated during the years our model 
are converged and interpolated between them.  These all-in prices demonstrate that real energy 
prices in all scenarios rise above the extremely low levels experienced in 2012 in all scenarios, 
but generally do not significantly exceed 2010 or 2011 real energy prices.  As expected, higher 
gas price scenarios are the most significant price driver, followed by carbon rules and the 
required reserve margin, which reduces average energy prices. 

 
Figure IV-13 

Annual Average Wholesale Power Prices by Scenario 

 

Of course, energy prices are only part of the total cost of wholesale power in ERCOT.  To form a 
complete picture of average bulk power costs, it is necessary to add in the costs of ancillary 
services and payments to guarantee the required reserve margin.     

Two factors make it difficult to report and compare the total cost of wholesale power in our 
modeling system.  First, we do not know the form of the mechanism by which a required reserve 
margin will be achieved.  Because we do not know this, we essentially “back out” a required 
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payment needed to induce the market to build capacity required to maintain the required reserve 
margin.  We calculate the payments to generators required to make up for the revenue shortfall 
that some generators may experience in the presence of a required reserve margin.  If the require 
reserve margin results in capacity added over and above what would have been added based 
solely on energy and ancillary services payments alone, some units will experience a revenue 
shortfall.  We calculate that revenue shortfall for each unit.  These payments are then added to 
the market revenues for each unit experiencing a shortfall.  We also calculate all-in prices 
assuming that those costs are passed through to ratepayers.   

Figure IV-13 displays the approximate path of total wholesale market prices, i.e., the 
combination of energy, ancillary services, and reserve margin payments, for five of the six 
scenarios.27  Figure IV-14 shows the same information in a bar chart, allowing each of the 
components of average total price to be separately displayed.    

The first figure shows that prices in the two Reference scenarios (with and without required 
reserves) are the lowest in total price, differing only by about $5.68/MWh in 2032 and less in 
earlier years.  In fact, energy prices decline more under the required reserve margin scenario in 
2017 than the reserve margin payment in that year ($2.52/MWh) adds in, yielding overall lower 
prices with a required reserve in that year.  

This figure also shows the effect of higher gas prices quite clearly. All three of the remaining 
scenarios have high gas prices.  The blue and purple dashed lines on the figure differ by having 
no required reserves and higher renewables costs (purple) versus low renewables costs and 
required reserves (blue); in total, the price effect of the differences are not large and both 
scenarios yield 2032 prices around $60/MWh, a growth rate of 1.7-1.9%/year.  The highest price 
scenario is the strong carbon rule, which includes high gas prices, a required reserve margin, and 
the costs of supporting the replacement of most of the ERCOT coal fleet, ending at $69.75/MWh, 
a growth rate of 2.5%. 

Figure IV-14 decomposes these total price increases into their components.  Broadly speaking, 
the chart shows that energy prices in all but the high gas scenarios remain moderate, with the 
effects of higher gas prices growing steadily over time. Ancillary service prices remain modest 
and fully in keeping with historic norms in all scenarios, never exceeding $1.89/MWh.  The 
required reserve margin payments are in the range of $2.52 - $5.18 in 2017, with higher 
payments needed in the High Gas/Low Renewables/Reserve Margin and Strong Carbon Rule 
scenarios.  These two scenarios continue to account for the highest required reserve margin 
payments in later years.    

                                                   
27  As noted earlier, the Moderate Carbon Rule Scenario had results so close to the Reference Case with 

Required Reserves that we did not run our complete modeling system for this case. 
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Figure IV-14 

Average Annual Wholesale Prices  
by Component by Scenario 

 

AIR POLLUTION EMISSIONS 

Table IV-12 displays the emissions of carbon dioxide, nitrogen oxides, and sulfur dioxide in each 
of the six scenarios and Figure IV-15 shows the paths of carbon emissions.  The required reserve 
margin has a very small overall effect on the generation mix or emissions in ERCOT through 
2032; the difference in cumulative CO2 emissions from 2012 through 2032 in the two scenarios 
amounts to less than 1 MMT.  Similarly, the 2032 NOX emissions differ by about 1% between the 
two scenarios and SO2 are not significantly different.  
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Table IV-12 
Environmental Performance Metrics by Scenario 

 

 

In our high gas price scenario renewable generation grows to account for 25.8% of total 
generation by 2032, nearly as much as the 29.7% of power generated by gas.  Cumulative carbon 
emissions through 2032 are cut by 8.6% and 6.8% under high gas prices with and without low 
renewables costs respectively.  In both high gas scenarios NOX emissions continue to grow, 
although more slowly than they do in the reference case, increasing by 11% without low 
renewables costs and only 3% with them.  SO2 emissions in 2032 are similarly affected, actually 
decreasing compared to 2013 emissions in the High Gas Low Renewable Costs scenario.   

A moderate federal carbon rule would lead to renewables accounting for just 7% of total 
generation in 2032, a comparable level to the 7.3% predicted in our reference scenarios with 
capacity payments and the 6.9% predicted without capacity payments.  While this lowers carbon 
displacement via renewable power, this is more than offset by the carbon removed from coal 
emissions.  Cumulative carbon emissions are cut by around 12% relative to the reference case, 
with a 15.6% decrease in 2032 emissions relative to 2012 levels, as compared with an 18.8% 
increase in the reference case.  Interestingly, this rule has little effect on NOX emissions with 
predicted growth in emissions of 19%, slightly lower than in the reference case.  SO2 emissions 
would be reduced by 1.2% of 2013 emission levels. 

The combination of a strong federal carbon rule with high gas prices and low renewables costs 
would lead to renewables accounting for 42.6% of total generation by 2032, about six times the 
level in the reference scenarios and nearly 10% higher than the high gas prices with low 

2032 Renewable Generation1 2032 Gas Generation CO2 Emissions 2032 NOX Emissions 2032 SO2 Emissions

Scenarios
MWh % MWh %

Cumulative 
MMT

% Change 
vs. 2012

Metric 
Tons

% Change 
vs. 2012

Metric 
Tons

% Change 
vs. 2013

Reference Case without 
Required Reserve Margin 29,399,658 6 9% 204,948,119 48.1% 3,987.05 18.8% 101,329 21% 328,675 1.7%

Reference Case with 
Required Reserve Margin 31,192,285 7 3% 203,461,670 47.8% 3,987.34 18.4% 100,179 20% 328,628 1.7%
High Gas Prices -  
No Required Reserve 
Margin 109,699,124 25.8% 126,324,388 29.7% 3,717.73 2.1% 92,793 11% 324,536 0.6%

High Gas Prices and 
Low Renewables Costs 141,191,288 33.2% 104,279,797 24.5% 3,646.23 -5.9% 86,461 3% 306,314 -5.0%
Moderate Federal Carbon 
Rule with Required 
Reserve Margin 29,365,702 7 0% 233,354,465 55.3% 3,495.73 -15.6% 99,544 19% 310,369 -1.2%

Stronger Federal 
Carbon Rule 182,420,626 42.6% 183,846,622 43.0% 2,741.35 -66.0% 30,411 -64% 21,304 -93.2%

1Includes hydroelectric and biomass generation
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renewables cost scenario.  Gas would account for 43% of generation under a strong federal 
carbon rule for a combined renewables and gas total of 85.6% of total generation, the highest of 
any scenario.  Carbon emissions in 2032 would be around one third of their 2012 level and 
cumulative carbon emissions around 30% less than they would be in the reference case.  The 
strong carbon scenario also predicts large falls in 2032 NOX emissions, 64%, and SO2 emissions, 
93.2% relative to their 2012 and 2013 levels, respectively.  This is due to the predicted retirement 
of nearly all coal generation under a strong federal carbon rule.   

 

Figure IV-15 
Carbon Emissions Across Scenarios 

 

 

DEMAND RESPONSE RESOURCES 

Although we have modeled demand response in a very simple and limited manner, it plays an 
important role in many of our scenarios, especially where there is no required reserve margin or 
renewable resources are very high.  For example, as shown in Table IV-13, in the reference 
scenario our simulations indicate that the full amount of available demand response resources 
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(2800 MW) are needed by 2017 to help ERCOT manage reliability with efficiency and cost-
effectiveness.  As more flexible CC capacity is added in later years in both reference scenarios, 
the need for DR declines.    

Although the displacement of DR by CC additions is common across the scenarios, more DR is 
needed in the high gas and stronger carbon rule cases.  In the high gas scenario, gas capacity 
becomes expensive to operate and high levels of renewables are built, indicating an obvious 
economic niche for DR in managing net load variations.  The strong carbon rule case has similar 
high gas prices and renewables additions, yielding the same increased role for DR.  The scenario 
with high gas and low renewables costs needs less DR by 2032 in comparison to the other two 
scenarios with high renewables because it has more thermal capacity than the high gas scenario 
due to the reserve margin required, and less renewables than the scenario with stronger carbon 
rules.  As noted in the introduction, these results do not reflect the full potential of DR in the 
Texas market, and further research in this area is important. 

 
Table IV-13 

Maximum New Demand Response Resources Employed (MW) 
 

Scenario 2017 2022 2032 

Reference 2800 1200 745 

Ref no reserve margin 2800 1780 520 

High gas 2550 1200 1200 

High gas low renewables 1660 1140 450 

Stronger carbon Rule 1740 1050 1170 

 

CONCLUDING OBSERVATIONS  

Before offering some concluding thoughts, we briefly reiterate some of the important features of 
our analysis that were necessarily limited.28  First, the six scenarios we examine are certainly not 
a complete range of possible outcomes, nor are any of these scenarios our own predicted most 
likely path.  Second, our modeling approach did not fully incorporate the effects of gas price 
                                                   
28  These limitations are discussed in Sections I and II in more detail. 



 

 

 

60 | brattle.com 

 

uncertainty nor the full variability of solar energy.  Third, we modeled only a specific set of 
large-scale supply alternatives, recognizing fully that other technologies exist today and that 
technical breakthroughs may change supply options in the future.  Fourth, our models do not 
examine transmission expansion in much detail and assume that additional CREZ transmission 
would be built as needed following the current payment model.  Fifth, we assume that all wind 
and solar tax supports other than the 10% ITC are phased out by 2018.  Sixth, our scenarios 
including a required reserve margin make no assumptions about the detailed form of the rules 
that implement this requirement.  Finally, we did not fully incorporate the effects of enhanced 
energy efficiency, demand response, distributed generation sources, or storage, all of which have 
significant potential and merit further study.   

Under this limited range of scenarios and assumptions, our results show that natural gas and 
renewables both play substantial roles in ERCOT and together provide all new generation.  
Within this definitive conclusion, however, the share of generation provided by these two forms 
of energy varies significantly.  Under conditions of forecasted gas prices, expired renewables tax 
supports, and no breakthroughs in renewable capacity costs, the share of energy from renewable 
plants in Texas could actually decline from its current 12% level today to about 7% by 2032.  At 
the other extreme, a strong federal carbon rule, higher gas prices, and lower renewable costs 
yields a future in which renewables supply 43% of ERCOT’s generation by 2032.  In the less 
extreme scenarios, wind and solar grow to generation shares between 25 and 33%.  Natural gas-
fired generation provides all of the remaining incremental generation, adding 12 to 25 GW of 
new combined-cycle capacity.  

These results highlight the unsurprising conclusion that the mix of new gas and renewables 
generation is sensitive to the price of natural gas and cost declines in wind and solar power.  
Changes in these three factors can cause significant shifts in the mix of future installations, 
leading to a wide range of plausible generation shares for wind, solar, and natural gas.  Higher gas 
prices were found to be more impactful than small declines in wind and solar costs, but by 2032 
under nearly all conditions the cost of wind and solar both decline to the point where they are 
highly competitive with gas-fired power.  Although it is difficult to discern from graphs that end 
in 2032, our results clearly indicate that wind and solar additions will dominate gas capacity in 
the later years of the 2030s and beyond.   

Our modeling approach allowed us to examine the importance of ancillary services and fast-
responding natural gas capacity, the only fast-balancing option included in our study.  We found 
that the ERCOT system could accommodate all levels of variable renewables likely to occur 
during this period with no reliability problems.  However, accommodating higher levels of 
renewables required us to model an additional ancillary service, which we called “Intra-day 
Commitment option,” and to adjust the levels of current ancillary services.  There are certainly 
other ways that market participants or ERCOT might achieve the same result. 

. 
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Among gas-fired power plants, nearly all future additions are combined-cycle plants rather than 
gas turbines.  This is largely due to the fact that CCGTs are more efficient and new models are 
expected to increase their ability to start quickly and rapidly change output levels.  The flexible 
modern gas technologies that are coming on line (both simple- and combined-cycle) will make it 
possible to accommodate higher renewable levels with fewer curtailments due to minimum 
generation and ramp constraints. 

The implementation of a reserve requirement helps improve the reserve margin, as intended.  
One of the effects of the reserve margin requirement is to delay the retirement of current gas-
and oil-fired installations in ERCOT.  Conversely, a required reserve margin slightly disfavors 
solar PV and peak-coincident wind energy, although it provides a small boost to Panhandle 
wind.  However, while capacity installations are changed significantly by the required reserve 
policy, the generation mix (and thus air emissions) is much more sensitive to gas prices and other 
policies than the existence of a reserve margin.  

With respect to coal-fired plants, we find that existing units in ERCOT remain profitable and are 
not retired unless a relatively stringent federal carbon rule is adopted.  Federal carbon rule 
requiring 90% capture and storage of carbon would prompt the retirement of most ERCOT coal 
units, while a 50% capture and storage rule reduces coal plant margins but does not force 
retirements.  Under the strong federal rule scenario, gas and renewable generation would 
together replace the energy formerly supplied by coal plants.  In this scenario renewable energy 
could rise to become 43% of ERCOT generation by 2032.  New coal plants, which will almost 
certainly require carbon capture and sequestration, are not built in any scenario.    

Our analysis shows that greenhouse gas and other air pollution emissions vary greatly across the 
scenarios we examine with surprisingly moderate impacts on market prices.  Carbon dioxide 
emissions are largely unchanged by the required reserve policy, but are reduced to zero growth 
by high gas prices and are reduced by as much as 66% versus 2012 levels in the remaining 
scenarios.  In particular, the moderate carbon rule reduces CO2 by over 16% by 2032 and the 
strong rule reduces it by 66%.  The same scenarios create comparable reductions in SO2 emissions 
and smaller but parallel reductions in NOx.29 

All these outcomes occur at average annual total costs of energy that are in broadly in keeping 
with historic energy prices and expectations.  Using the year 2010 as the base, average annual 
total wholesale power costs increase from a low of 0.74% a year in the reference case with no 
required reserves to 2.5% a year under a strong federal carbon rule, high gas prices, and a 

                                                   
29  The moderate carbon rule is something of an anomaly, yielding essentially no net NOX reductions 

versus the reference cases. 
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required reserve margin.  In these results, the strongest drivers of prices are higher gas prices 
and, starting in 2025, the effect of a strong carbon rule. 

Finally, we have noted several times that demand response and energy efficiency remain 
important elements of the Texas resource mix.  Our scenarios confirm that DR is particularly 
important in the absence of a required reserve margin, and that further study and policy 
development for these resources is useful. 

The electric power industry is in an era of dramatic change, and the range of uncertainties 
surrounding the expansion of any power system has never been greater.  Within this highly 
uncertain world, we find that the future of ERCOT’s power system is very likely to combine 
substantial amounts of both renewable energy and gas-fired power.  The economic and 
environmental attractiveness of these electricity sources, the strong Texas resource base, and the 
evolution of power markets and systems all point to these energy options as the likely foundation 
of all new supplies to the ERCOT system in the next several decades ahead. 
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from National and International Experience,” The Brattle Group, prepared for the Bipartisan 
Policy Center, November 2012. 

Johannes P. Pfeifenberger, Kathleen Spees, and Samuel A. Newell, “Resource Adequacy in 
California: Options for Improving Efficiency and Effectiveness,” The Brattle Group, prepared for 
Calpine, October 2012. 
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presented to the Center for the Commercialization of Electric Technologies (CCET) Summer 
Board Meeting, Austin, TX, August 8, 2012. 

Jurgen Weiss, Judy Chang, and Onur Aydin, “The Potential Impact of Solar PV on Electricity 
Markets in Texas,” The Brattle Group, prepared for the Solar Energy Industries Association and 
the Energy Foundation, June 19, 2012. 

Samuel A. Newell, Kathleen Spees, Johannes P. Pfeifenberger, Robert S. Mudge, Michael 
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Brattle Group, prepared for the Electric Reliability Council of Texas, June 1, 2012. 
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APPENDIX B 
ADDITIONAL MODEL AND SCENARIO INFORMATION 

THE XPAND AND PSO MODELS 

Xpand is a linear programming model that simulates electric generation system expansion over 
multi-decade time horizons.  Its objective function minimizes the present value of total system 
costs, including capital cost, fixed O&M, variable O&M, fuel and emission costs while meeting 
electricity demand and complying with environmental policy limits, operating reserve 
constraints and reserve margin constraints (where applicable).  It is designed to operate as if all 
generation decisions are market-driven.  As part of the cost-minimizing solution, Xpand 
produces forecasts of short-term and long-term decisions such as new capacity additions, 
retirements, generation and fuel mix levels, and energy prices.  

Xpand operates on a seasonal basis using load duration curves.  It does not model ERCOT at the 
sub-hourly level required to simulate actual operations.   

Power Systems Optimizer (“PSO”) is an advanced production cost simulation tool developed by 
Polaris Systems Optimization, Inc.  Traditional production cost models were designed to model 
controllable thermal generation and focus on the energy markets.  PSO was built to focus on the 
variability needs of the current and future electrical system.  The model is able to simultaneously 
optimize energy and multiple ancillary services markets on a sub-hourly timeframe.  PSO also 
allows for the modeling of forecast uncertainty and uses mixed-integer programming techniques 
to solve the commitment and dispatch problem.  The model is designed to mimic market 
operations software and market outcomes in competitive energy and ancillary services markets. 

One of PSO’s most important features is the ability for users to define different decision points 
called “cycles” that have different data available for commitment and dispatch decisions.  This 
allows users to model the successive energy and ancillary services markets that are found in 
ERCOT.  As an example, both day-ahead and real-time markets can be modeled and the 
appropriate forecasts for load and wind can be used in each stage of the market simulation.  This 
enables the calculation of accurate energy prices of both real-time and day-ahead markets in a 
single model run.  PSO’s features also include the modeling of ramping constraints, capturing the 
costs associated with the additional ramping and cycling required in a system with high 
penetration of intermittent resources, and allows for various user-defined ancillary services.  PSO 
also provides the additional flexibility to model new technologies, including various energy 
storage devices with different operating characteristics. 

Before running any scenarios we benchmarked each of these models by simulating the actual 
performance of the ERCOT system for the full year 2012.  The results of these benchmarking 
exercises are presented in below. 
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MODEL ZONES 

We modeled four load pockets around the major cities with limited import capability, Dallas-
Fort Worth, Austin, San Antonio, and Houston, as well as the South ERCOT zone, covering the 
Lower Rio Grande Valley area.  The transmission limits into these load pockets for each of the 
scenarios modeled were obtained from the most similar scenario in the ERCOT DOE LTS study. 
We modeled wind developments in two additional broad zones: the Texas Panhandle and North 
West ERCOT (spanning the Far West, West and North West ERCOT weather zones).  Coastal 
wind developments were modeled in the South ERCOT zone.  Limits into these areas were 
linked to the wind capacity installed in the area, in effect assuming that no wind is developed 
without the necessary transmission.  The remaining footprint of ERCOT was collectively named 
the Rest-of-ERCOT zone. 

Load and generation resources were mapped to each zone using input from ERCOT. 

MODEL CYCLES 

Four cycles were modeled in PSO to emulate in detail the operational decision process in 
ERCOT, as follows:  

1. Day-Ahead Cycle: 

• Emulates the day-ahead market decisions 
• Solves daily looking 72 hours ahead 
• Hourly granularity for 24 hours, longer for the remaining 48 hours 
• Slow-start units (coal and gas-fired steam turbines) are committed in this cycle 
• Day-ahead load, wind and solar forecasts are used in this cycle 
• Market price capped at $2,500/MWh. 

2. Reliability Unit Commitment (RUC) Cycle 

• Emulates the CC commitment decisions made after the day-ahead market clears 
• Solves daily looking 48 hours ahead 
• Hourly granularity for 24 hours, longer for the remaining 24 hours 
• Improved forecasts are used in this cycle – day-ahead load forecasts capped to 1800 MW 

of over forecasts, and hour-ahead forecasts for wind units. 

3. Hour-Ahead Cycle 
• Emulates the CT and IC commitment decisions made intra-hourly  

• Looks 2 hours ahead 

• Runs every 10 minutes for the first hour 
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• We assume that the new CC units can be committed in this cycle, since they have a 
very short start-up time (30 minutes) 

• No uncertainty is modeled in this cycle. 

4. Real-Time Cycle: 
• Emulates real-time market decisions 

• Single-period energy and ancillary service co-optimization 

• Runs every 10 minutes 

• Only the units online from previous cycles are able to meet load 

• No uncertainty is modeled in this cycle 

• PBPC curve is included to model scarcity conditions. 

For the scenarios with high renewable penetration (all scenarios with high gas prices), instead of 
the RUC cycle, an alternative 4-hour-ahead cycle was used to better incorporate wind forecast 
uncertainty in the CC commitment decisions.  The characteristics of that cycle are 

• Emulates the CC commitment decisions made intra-day 

• Solves every other hour, looking 12 hours ahead  

• Hourly granularity for the first 8 hours, by-hourly for the remaining 4 hours 

• Wind forecast is a blend of 4 hour-ahead RT observation (persistence) and hour-
ahead (ERCOT) or day-ahead (SPS) wind forecasts – detailed to account for 4-hour 
start time of existing CC 

• Perfect load and solar foresight is assumed. 

 

The figures below provide a schematic of the different cycles. 



 

 

 

68 | brattle.com 

 

Figure B-1 
Day-Ahead cycle periodicity and granularity 

 

 

Figure B-2 
RUC cycle periodicity and granularity 
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Figure B-3 
4 Hours-Ahead cycle periodicity and granularity 

 

Note: Numbers indicates an interval of 1-hour duration. 

 

Figure B-4 
Hour-Ahead cycle periodicity and granularity 

 

Note: The first hour is modeled with 10-minute resolution. 

 

Figure B-5 
Real-Time cycle periodicity and granularity 

 

Note: Numbers indicates an interval of 10-minute duration. 

CALIBRATION 

We ran every year from 2012-2052 in Xpand and we ran PSO for 2017, 2022 and 2032.  We 
benchmarked both models against 2012 actual market outcomes.  In the 2012 State of the Market 
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Report it is reported that the wind curtailments in ERCOT were 4% in 2012 and 8% in 2011.30  
The report also notes that the ERCOT wide average real-time energy price in 2012 was $27, the 
average day-ahead energy price was $29.31 

Our benchmarked 2012 case in PSO had duration-weighted energy prices of $25.55 real-time, 
and $27.68 day-ahead.  The load-weighted energy prices in PSO were $27.00 real-time and 
$30.18 day-ahead.  Additionally, curtailments in the 2012 PSO benchmark case averaged 3%. 

The 2012 Xpand results had a duration-weighted energy price of $27.96.   

We found that our simulation of capacity factors with both PSO and Xpand were quite close to 
2012 actual capacity factors as is shown in Table B-1.   

 

Table B-1 
PSO and Xpand 2012 Simulated Capacity Factors 

Capacity Factor Comparison 

Tech Type Historical PSO 
Benchmark 

Xpand 
Benchmark 

Steam Turbine 9% 2% 1% 

Internal Combustion 22% 11% 8% 

Wind 33% 34% 35% 

CC 46% 56% 55% 

CT 25% 3% 2% 

PV 20% 26% 26% 

Nuclear 89% 96% 93% 

Steam Coal 60% 54% 57% 

 

                                                   
30  2012 ERCOT State of the Market Report, Potomac Economics, June 2013, p. 66. 
31  2012 ERCOT State of the Market Report, Potomac Economics, June 2013, p. 23. 
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LOAD 

For load, we obtained the following sets of load data:  

• The 2012 minute by minute ERCOT system-wide load (1 min).  

• 2012-2022 annual energy and hourly peak load forecast, based on ERCOT forecast.32 

• Hourly Weather normalized shapes by weather zone (1 hr) in 2012, downloaded 
from ERCOT website.33  

• 2017/2022/2032 load bus and mapping to weather and city zones, from ERCOT.  

• 2012 day-ahead and hour-ahead forecasts. 

PSO uses chronological, hourly (or sub-hourly) data.  Xpand uses load duration curves.  The 
Xpand load duration curves are based on the minute by minute load data for 2012, which is first 
aggregated to an hourly level.  These hourly load data are then grouped by four seasons and with 
18 tranches in each season, as shown in Figure B-6, ranked with the magnitude of the load for 
each hour in a given season.  The load duration curve shape is assumed to be the same for all 
future years. 

                                                   
32  http://www.ercot.com/gridinfo/load/2013 Long-

Term Hourly Peak Demand and Energy Forecast.pdf. 
33  http://www.ercot.com/gridinfo/load/, accessed on August 22, 2013. 
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Figure B-6 
The number of hours in each tranche for each  

season in the load duration curve 

 

PSO requires chronological load data for each sub-region region.  The minute by minute system 
wide loads are aggregated based on the intervals in the real-time cycle and then divided into the 
different regions based on the mapping between city zones and weather zones based on the load 
bus power flow.  Lastly, the forecast errors in day-ahead and hour ahead are derived from 
forecast data in 2012 and are applied in all future years.     

WIND 

Multiple datasets and processes were used to develop the wind profile inputs for the existing 
West North, existing Coastal, future West North, future Coastal, and future Panhandle wind 
installations modeled. 

Existing ERCOT wind generation was developed from two sources: (1) 1-minute ERCOT-wide 
actual 2012 wind generation data, and (2) hourly 2012 wind forecasts and actuals for “South 
Houston, or Coastal area, and the “West North.”  Both data sources were provided by ERCOT.  
The first set of wind data was used by ERCOT in their KERMIT-modeling for the DOE LTS and 
provides detailed information about the sub-hourly wind patterns for all of ERCOT.  The second 
set of data contains the hourly day-ahead and hour-ahead wind forecasts for 2012 as well as the 

Tranche Spring Sum m er Fall Winter
t1 1 1 1 1
t2 2 2 2 2
t3 5 5 5 5
t4 10 10 10 10
t5 15 15 15 15
t6 20 20 20 20
t7 30 30 30 30
t8 50 50 50 50
t9 75 75 75 75

t10 125 125 125 125
t11 200 200 200 200
t12 250 250 250 250
t13 350 350 350 350
t14 400 400 400 400
t15 350 350 350 350
t16 150 150 150 150
t17 100 100 100 100
t18 75 75 51 27
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real-time wind output and installed capacity.  This data is regionally aggregated in to the Coastal 
and the West North area to inform the different wind output profiles by region. 

Existing wind profiles for Xpand relied on the real-time wind output from the second set of data.  
This hourly data were aggregated into load blocks, using the hour-to-load-block mapping 
informed by the 2012 hourly ERCOT load, and the hourly capacity factor was averaged to 
develop the block capacity factor.  These capacity factors by block for the West North and 
Coastal regions were inputs to Xpand.  For PSO, the normalized day-ahead and hour-ahead 
forecasts were maintained for each region as inputs to the model, but the hourly normalized real-
time output was transformed to reflect the sub-hourly variability implied by the first data set.  
The hourly real-time data was disaggregated into 10-minute segments and was then reshaped 
based on the 1-minute wind generation data. 

Wind profiles for future wind farms in the Coastal and West North regions were developed by 
assuming an enhanced power curve for the wind turbines.  Then an improved power curve was 
used to calculate an increased wind output profile for future wind farms in those regions.  From 
this process, future wind installations are modeled having higher annual output than the existing 
wind facilities.   

To estimate improved power curves, we assumed that such improvements would be similar to 
those experienced between the initial development of the Eastern NREL database34 and the 
subsequent update.35  We proceeded as follows: using the wind power curves from the initial, 
2009 Eastern NREL database, and the wind profiles from the existing wind plants in South and 
Northwest ERCOT and in SPS, we estimated implied wind speed time series for each of the three 
areas.  To estimate the future wind power production under historical 2012 conditions, we passed 
the implied wind speeds through the wind power curves from the updated, 2012 Eastern NREL 
database. 

As the CREZ lines become operational, wind development in the Texas Panhandle will be able to 
expand.  Since 2012 ERCOT wind generation data did not reflect wind output profiles from this 
region, we requested and received data from Southwestern Public Service (SPS) for wind 
installed in the Texas Panhandle on their system.  This 2012 SPS wind data contained hourly 
day-ahead and 5-minute real-time data aggregated for all SPS wind sites in the area.  Both 
datasets were adjusted to assume an enhanced power curve for future wind installations as 
described above. The hourly day-ahead was then normalized and input to PSO while the 5-

                                                   
34  M. Brower, Development of Eastern Regional Wind Resource and Wind Plant Output Datasets, 

National Renewable Energy Laboratory, Subcontract Report NREL /SR-5500-46764, December 2009. 
35  K. Pennock, Updated Eastern Interconnect Wind Power Output and Forecasts for ERGIS, National 

Renewable Energy Laboratory, Subcontract Report NREL /SR-5500-56616, July 2012. 
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minute real-time data was normalized and aggregated to 10-minute segments for implementation 
in PSO. Xpand aggregated the 5-minute real-time SPS data into hourly segments, calculated the 
hourly capacity factor based on installed wind capacity, and then aggregated the hourly capacity 
factors in to load blocks.   

Table B-2 
Renewable Capacity Factors 

 
Region/Technology Capacity factor 

Existing Coastal Wind 34.4% 

Existing  Northwest Wind 35.2% 

New Coastal Wind 37.7% 

New Northwest Wind 38.7% 

Panhandle Wind 42.3% 

Solar 26.0% 

SOLAR 

We created a solar power time series used for all solar power developments in ERCOT by taking 
the average of all Solar PV single-axis tracking weather-normalized time series available from 
ERCOT.36  This time series has hourly granularity, and represents the ERCOT-wide average 
actual solar output available in a representative year.  Operational forecasts are not available for 
this weather normalized time series, so we estimated a (pessimistic) forecast by creating a lower 
envelope of observed values based on current and previous day conditions.  This forecast was 
used in the day-ahead cycle. Intra-hourly shapes were created by interpolating hourly values.  

Note that the solar profiles are not from 2012 (they were not available for 2012), but from a 
weather-normalized year.  As such, solar output is not modeled as synchronized with wind and 
load.  The effects of neglecting the correlation between solar and load are probably small, and 
may result in either under- or overestimation of the impacts of solar plants, depending on the 
location of the plants and the weather profile in those locations. 

The solar plants modeled represent utility-scale PV facilities, which were mapped to the Rest-of-
ERCOT zone.  Distributed PV or Concentrated Solar plants (CSP) were not modeled in this 
                                                   
36  URS, ERCOT Solar Generation Patterns, Project Summary Report, March 2013. 
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study, and may be the subject of future studies.  These technologies have the potential to reduce 
transmission needs (distributed PV) and improve the profile and capacity value of solar plants 
(CSP).  To produce a good estimate of the impacts of these technologies, more detailed locational 
solar data, including intra-hourly and forecast data synchronized with load and wind, is needed.  

TRANSMISSION 

We used a pipes-and-bubbles model of the transmission system, given that the focus of the study 
was on long-term generation expansion and operational feasibility and impacts.  The bubbles 
used were the zones detailed in section A.  The transmission limits into the load pockets were 
adapted from the Business as usual with Retirements Scenario in the ERCOT DOE LTS study, 
effectively assuming a similar transmission build-out as in the corresponding ERCOT LTS 
scenario.  Limits out of the wind-rich zones (Texas Panhandle, North West ERCOT and South 
ERCOT) were adjusted in Xpand based on the wind capacity installed in the zone, in effect 
assuming that no wind is developed without the necessary transmission.  Table B-3 below 
provides the load pocket transmission limits used in 2032 for each scenario 

 

Table B-3 
Load Pocket Transmission Assumptions 

  Dallas/Fort Worth 
Import 

Houston 
Import 

Austin 
Import 

San Antonio  
Import 

Limit (MW) 22,887 13,108 5,175 4,579 

 

EXISTING GENERATORS 

The list of existing generators came from ERCOT data. This data was used for most of the unit 
characteristics.  Heat rate curves and start-up costs were generalized by unit type and 
assumptions for these characteristics were taken from the EIPC study.37  Additionally, unit 
outage data were derived from GADS data. 

PRIVATE USE NETWORKS 

ERCOT has about 8.1 GW of capacity that comes from the behind the meter industrial facilities.  
Information about these generators is confidential and ERCOT only models them as the 

                                                   
37  http://eipconline.com/PhaseII_Modeling_Results.html. 
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Gas unit operating specifications for new units were taken from GE operating specifications of 
their newest technologies.  GE specifications were used as a representation technology.38,39 

The Brattle Group was slightly conservative in assumptions for new builds.  F-Series CCs were 
given a maximum capacity of 400-600 MW with a start-time of 30 minutes, a ramp rate of 50 
MW/min and a minimum load of 30%.  F-Series CTs were given a maximum capacity of 200-300 
MW with a start-time of 10 minutes, a ramp rate of 50 MW/min and a minimum load of 30%.  
LMS 100 units were given a maximum capacity of 100 MW with a start-time of 10 minutes, a 
ramp rate of 50 MW/min and a minimum load of 30%. 

Xpand adds generators in a linear fashion. As a part of the iteration between Xpand and PSO the 
linear builds from Xpand were divided into reasonable sized units and added to PSO.  All 
additions of units were made to the Rest of ERCOT area based on ERCOT’s LTSA assumption 
that due to local air quality problems, new fossil-fueled units could not be built inside the load 
pockets. 

EXTERNAL TIES 

ERCOT has limited ties to SPP and the WECC (DC).  We modeled these ties the same way that 
ERCOT does in the DOE LTS study as two aggregate DC Tie Proxy Units (one to SPP and one to 
WECC) as dispatchable units with variable O&M, heat rates, and natural gas as a fuel.  

ANCILLARY SERVICES 

Four ancillary service requirements were modeled in all scenarios: regulation up and down, 
responsive and non-spin, as described next. 

Regulation up and down are used for continuously matching load and generation in the seconds 
to minutes time frame.  The level of regulation required is determined to meet the NERC 
Standard BAL-001-0.1a.  First, the net load is calculated for each 10-minute interval as the load 
minus the available wind power in the interval.  Then the time series of 10-minute net load 
increments is computed.  The regulation up and down needed to compensate load and wind 
variations is estimated by calculating the 95th and 5th percentiles of the 10-minute net load 
variations.  The regulation up and down needs to compensate for solar variation is estimated in 
three steps.  First, the hourly difference between the actual and forecasted solar time series is 
                                                   
38  General Electric, 7-F 5 and 7 Series Poster, http://www.ge-flexibility.com/static/global-

multimedia/flexibility/documents/Final 7 F 5 and 7 Series Poster.pdf. 
39  General Electric, “LMS100 Flexible Power”, Marc Horstman, April 8, 2008, 

http://wtui.com/techfiles/LMS100 WTUI 08 2.pdf. 
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obtained.  Second, the hourly increments are obtained.  Third, the solar regulation down and up 
components for each hour of the day is estimated as the 95th and 5th percentiles of the hourly 
solar increments for the same hour of the day.  The solar, wind and load regulation needs are 
estimated by assuming that the solar and net load variations are independent (this assumption 
was made to estimate regulation requirements because the solar time series used are not 
synchronized with the load time series).  

For current conditions, as well as the scenarios with low gas prices, the regulation requirements 
were assumed to be 600 MW, equal in both directions.  For other scenarios, the requirement 
depends on time of day in cases with at least some solar resources, and varies with the amount 
and location of wind plants installed.  For example, for the scenario with High Gas and Low 
Renewables costs, the regulation requirements vary between 975 MW and 1,190 MW in 2032.  

Responsive reserve requirements are assumed to be 2,800 MW of which 1,400 MW are assumed 
to be provided by demand response resources (based on input from ERCOT).  

Regulation and responsive reserve requirements are enforced in Xpand and in all PSO cycles.  All 
coal, CC and ST units are assumed to be capable of providing regulation and responsive reserve. 
The maximum amount of regulation and responsive a unit can provide is given by the minimum 
of the product of its ramp rate (see sections H and J) and the deployment time of the service (5 
minutes for regulation, 10 minutes for responsive and 30 minutes for non-spin), and the 
operating range given the unit’s dispatch.  All thermal units provide reserves at no cost, i.e., 
prices are set by the cost of not being able to use the capacity set aside as reserve for energy 
generation.  We allow wind and solar units to sell regulation up and down up to 10% of their 
capacity.  The higher cost of regulation up reflects the fact that a unit that provides regulation up 
would need to be curtailed to provide the service, which would entail a lost opportunity cost if 
the plant received production tax credits or a similar type of incentive.    

The Power Balance Penalty Curve (“PBPC”) (2012 – State of Market, Table 4, Future Years - 
System-Wide Offer Cap and Scarcity Pricing Mechanism Methodology) is included in the day-
ahead and real-time cycles to model scarcity pricing.  The curve is modeled using (virtual) units 
that can only be used to provide energy (no ancillary services).  Whenever there is scarcity and 
the AS requirements would otherwise be violated, the PBPC curve is reached and the PBPC units 
are used to partially unload real units to allow them to provide reserves.  Because energy and 
ancillary service provision are co-optimized, whenever the PBPC curve is binding, its cost affects 
both the energy and reserves prices. 

Non-Spin reserve requirements are used to replace deployed Responsive reserve as well as to 
cover for forecast uncertainty intra-day.  In PSO, the requirement is set to 1,500 MW under 
current conditions in the Day-Ahead, RUC and Hour-Ahead cycles.  
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For scenarios with higher wind penetration, Non-Spin requirements are increased in the 4 Hour-
Ahead cycle as a function of the intra-day wind forecast uncertainty.  In essence, the increase in 
Non-Spin requirement ensures that in cases of wind over-forecasts in the 4 Hour-Ahead cycle 
there will be sufficient available capacity (Non-Spin) in the Hour-Ahead cycle to cover for the 
forecast error.  For example, for the scenario with High Gas and Low Renewables costs, the Non-
Spin requirements in the 4 Hour-Ahead cycle varies between 2,000 MW and 9,750 MW in 2032, 
(the amount enforced in any given hour is a function of the wind forecast for the hour).  
Similarly, scenarios with higher wind penetration enforce requirements of another reserve not 
currently used in ERCOT, which we named Intra-day Commitment Option (ICO).  The 
requirements, enforced in the Day-Ahead cycle, ensure that in cases of wind over-forecasts in 
the Day-Ahead cycle, there is still sufficient capacity available to be committed in the 4 Hour-
Ahead cycle to cope with the forecast error.  All CC plants, as well as all fast-start and all 
spinning units, can provide ICO.  For example, for the scenario with High Gas and Low 
Renewables costs, the ICO requirements in the Day-Ahead cycle vary between 3,000 MW and 
15,000 MW in 2032.  We allowed wind and solar plants to provide ICO and Non-Spin at a cost of 
$20/MWh.  However, they were never selected to provide the service, i.e., for the scenarios 
simulated, it was always more efficient to provide the reserve using thermal units than to curtail 
and incur an additional cost of $20/MWh.  

DEMAND RESPONSE AND INTERRUPTIBLE LOAD 

We model 500 MW of existing price-based demand response at $557 per MWh.  In addition, in 
any future year, we assume that up to 1,500 MW of industrial demand response and 2,000 MW 
of residential/commercial demand response can be activated, but the demand response must run 
between 75 and 100 hours per year.  The industrial demand response is at a price of $530 per 
MWh, and residential and commercial demand response is priced at $1,100 per MWh.  In 
addition, there are 1,222 MW of interruptible load priced at the System-Wide Cap price, 
simulating the deployment of the load resources procured by ERCOT.  
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APPENDIX C 
MAXIMUM LIKELY ANNUAL WIND AND SOLAR CAPACITY ADDITIONS  

IN ERCOT, 2013-32 

MAXIMUM ANNUAL WIND BUILD CONSTRAINT IN TCEC MODELING SYSTEM 

Table C-1 below, based on data by EIA and AWEA, shows annual wind additions in selected U.S. 
states.  For the six states with highest wind capacity, Table C-1 shows both annual gross MW 
additions as well as year-over-year growth rates (not average annual compound growth rates).  
Table C-1 shows that, in all states except Texas, annual additions are rarely above 800 MW.  Year 
over year percentage growth rates vary significantly, so that they are likely not useful for setting 
limits in the TCEC models. 

Unsurprisingly, Texas stands out as the state with the highest annual MW additions, while its 
growth rate in cumulative installations was highest at 63% in 2008.  This year was also the 
highest gross MW wind addition in any state in any year to date, 2759 MW.  We note that in 
recent years the growth rate in cumulative installations has dropped to below 20% per year, 
quite similar to many other states that now have fairly significant installed bases. 

Since Texas has demonstrated that it is capable of adding 2,800 MW of wind – though no other 
state has come close – and percentage limits in year over year growth are neither stable nor 
sensible, we employ a maximum annual wind build of 3,000 MW in Xpand.  This is a little higher 
than the record high installation year, accounting for greater capacity of the state in permitting, 
transmission expansion, etc., but still close to the record year. 
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Table C-1 – Annual wind additions in selected states 

Sum of MW Sum of MW Sum of MW Sum of MW Sum of MW Sum of MW Sum of MW Sum of MW Sum of MW Sum of MW Sum of MW Sum of MW Sum of MW Sum of MW

State 12/31/1999 12/31/2000 12/31/2001 12/31/2002 12/31/2003 12/31/2004 12/31/2005 12/31/2006 12/31/2007 12/31/2008 12/31/2009 12/31/2010 12/31/2011 12/31/2012
Texas

Cumulative Capacity 184 184 1 096 1,096 1,290 1,290 1,992 2,736 4,353 7,113 9,403 10,089 10,394 12,212
Annual MW Added 0 912 0 195 0 702 744 1,618 2,759 2,291 686 305 1,818
Year Over Year % 

Additional Growth 0% 912% -100% 194% -100% 01% 6% 118% 71% -17% -70% -56% 497%
California

Cumulative Capacity 1,616 1,616 1 683 1,823 2,025 2,095 2,149 2,376 2,439 2,537 2,798 3 253 3,917 5,549
Annual MW Added 0 67 140 202 0 54 227 63 98 261 455 664 1,632
Year Over Year % 

Additional Growth 0% 67% 109% 44% -65% -22% 316% -72% 55% 168% 74% 46% 146%
Iowa

Cumulative Capacity 242 242 324 423 472 634 836 932 1,273 2,791 3,604 3 675 4,322 5,137
Annual MW Added 0 82 98 49 162 202 96 341 1,518 813 71 647 815
Year Over Year % 

Additional Growth 0% 82% 20% -50% 230% 25% -53% 255% 346% -46% -91% 811% 26%
Illinois

Cumulative Capacity 0 0 0 0 50 51 107 107 699 915 1,547 2 045 2,742 3,568
Annual MW Added 0 0 0 50 1 56 0 592 216 632 497 697 826
Year Over Year % 

Additional Growth 0% 0% 0% 0% -99% 8400% -100% #DIV/0! -64% 193% -21% 40% 18%
Oregon

Cumulative Capacity 25 25 157 218 259 263 338 438 885 1,067 1,758 2,104 2,513 3,153
Annual MW Added 0 132 62 41 3 75 101 447 182 691 346 409 640
Year Over Year % 

Additional Growth 0% 525% 39% 19% 1% 29% 30% 102% 21% 65% 20% 19% 25%
Oklahoma

Cumulative Capacity 0.000 0.000 0.000 0.000 176.250 176.250 474.500 534.500 689.000 708.050 1,031.150 1,481.800 2,007 3,134
Annual MW Added 0.000 0.000 0.000 176.250 0.000 298.250 60.000 154.500 19.050 323.100 450.650 525.200 1,127.000
Year Over Year % 

Additional Growth 0% 0% 0% 176% -100% 298% -80% 158% -88% 1596% 39% 17% 115%

Source:
1999-2009: Data summarized by examining the most recent GEC data table of installed capacity projects.
2010 and 2011 data is from the 2010 and 2011 Wind Technologies Market report (LBNL).  Values were adjusted such that 2010 capacity was not lower than 2009 capacity. 
2012 data is from the American Wind Energy Association (AWEA) Fourth Quarter 2012 Market Report (http://www.awea.org)
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ASSUMED EVOLUTION OF SOLAR SYSTEM COSTS 

It is clear that PV costs, both globally and in the United States, have fallen rapidly over the past 
10 years.  However, since our modeling efforts looks into the future (through 2032), it is 
important to understand how those same costs might evolve over the next 20 years or so.  While 
possible, as a consequence of unforeseeable technological break-throughs, it is unlikely that past 
cost reductions, which averaged about 20% per doubling of installed capacity worldwide (i.e., a 
progress ratio of 20%) will continue for another 20 years as the technology itself matures.  Even 
if costs were to decline at the same progress ratio, doubling globally installed capacity will 
become increasingly challenging (and at a minimum will likely take longer) as the installed base 
increases.  

Predicting the evolution of future PV costs is therefore rather complex. For both our base case 
and our low renewables cost case, we rely on a number of different projections that have been 
made.  For example, Figure C-1 below shows the projection made by the European Photovoltaic 
Industry Association (EPIA) in 2011 

 

Figure C-1 
Evolution of Prices of Large PV Systems 

 
Source: Reproduced from Figure 15, EPIA, Solar Generation 6: Solar Photovoltaic Electricity Empowering the 
World, 2011, page 31. 

As Figure C-1 shows, assuming 2010 costs of large systems between €2,500/kWp and €2,800/kWp 
for its accelerated and paradigm shift scenario respectively, costs could decline by between 74% 
and 77% by 2050, to levels between €563/kWp and €734/kWp.  These forecasts represent a range 
of potential annual cost declines between 3.3% and 3.7%, with the average between the two 
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scenarios representing a cost decline of 3.5% per year.  Using an exchange rate of $1.3/€, the 
EPIA’s 2010 cost estimates translate into $3,250 - $3,640/kWp in 2010.  Using the respective cost 
decline rates from EPIA would result in cost estimates by 2015 of $2,697 - $3,079/kWp (in 2010 
USD), very much in line with our assumption about 2015 cost based on Department of Energy 
projections.  By 2025, applying the same cost decline rates would result in expected costs of 
$1,858 - $2,204/kWp, slightly higher than our present assumption of $1,850/kWp based on EPRI. 
This suggests, as might be expected, that the rate of cost decline might fall over time as PV 
technology continues to mature.  Assuming that costs fall from EPIA’s average 2010 costs of 
$3,445/kWp in 2010 to our assumption of $1,850/kWp by 2025 and then to EPIA’s 2050 average 
estimate of $843/kWp implies an average annual rate of cost decline of 3.1% between 2025 and 
2050.  Assuming a more aggressive cost decline early, such as from EPIA’s higher 2010 cost 
estimate to the EPRI 2025 assumption, and assuming less additional cost decline potential to 
EPIA’s more moderate 2050 estimate of $954/kWp results in cost decline rate estimates of 4.4% 
per year through 2025 and 2.6% between 2026 and 2050.  We have used those assumptions for 
our base case.  For our enhanced renewables case we instead assumed lower 2010 starting costs of 
$3250/kWp (corresponding to EPIA’s paradigm shift scenario) and average annual decline rates 
corresponding to this scenario for cost estimates by 2015 and 2025 as well as more aggressive cost 
decline assumptions from 2025 through 2050 (reaching EPIA’s paradigm shift scenario).  These 
assumptions result in average annual cost declines of 4.4% between 2010 and 2025 and 3.7% 
between 2026 and 2050. 

Table C-2 below summarizes the EPIA data as well as the assumptions we derived for our 
analyses. 

Table C-2 
PV Cost Evolution and TBG Assumptions 

Source: EPIA, TBG Analysis. 

 

ASSUMED MAXIMUM ANNUAL INCREASE IN TOTAL PV DEPLOYMENT IN TEXAS/ERCOT 

To develop reasonable assumptions about the absolute annual increase in PV installations in 
ERCOT, we compared the change in installations in various markets with relatively ambitious 

Euros USD 1.3

Low High Avg Low High Avg
Assumption 
base

Assumption 
enhanced

2010 EPIA € 2,500 € 2,800 € 2,650 3,250$   3,640$       3,445$       3,640$          3,250$          
2015 2,697$  3,079$       2,888$       3,000$          2,697$          
2020 IEA 1,800$  1,800$       1,800$       
2025 EPRI 1,858$  2,203$       2,031$       1,850$          1,650$          
2030 IEA 1,200$  1,200$       1,200$       
2050 EPIA € 563 € 734 € 649 732$      954$           843$           954$             643$             

Average Decline rate 2010-2050 3.7% 3.3% 3.5% 3.7% 3.3% 3.5%
Average Decline rate 2010-2025 4.4% 4.4%
Average Decline rate 2025-2050 2.6% 3.7%
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solar PV penetration rates.  Ultimately, the ability to increase annual installations likely depends 
on a mix of global and more local supply chain factors.  On a global scale, total global (and hence 
local) installations are limited by total manufacturing capacity for components of PV systems and 
their expansion.  More locally, deployment can be constrained by the speed and frequency with 
which permits can be given, the availability of appropriately trained trades for installing, or the 
availability of equipment necessary for installation.  It is likely reasonable to believe that overall 
conditions for rapidly increasing annual deployment of PV have been improving, which is why 
we believe a relatively lenient upper limit on increases in annual PV deployment is reasonable. 

As a starting point of our analysis, Figure C-2 below shows the evolution of annually (not 
cumulatively) installed capacity worldwide by region through 2012 and projections through 
2017. 

 

Figure C-2 
Annually installed PV capacity in selected regions 

 
Source: EPIA, Global Market Outlook for Photovoltaics, 2013, pages 14 and 34. 
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Table C-3 below shows the annual changes in installed PV capacity for the same regions. 

Table C-3 
Average Annual Growth Rates for PV Installations in selected regions 

 
 Source: TBG Analysis, EPIA, Global Market Outlook for Photovoltaics, 2013, page 14. 

As can be seen from Table C-3, annual growth rates have exceeded 1000% and are typically 
above 100% and in several cases between 200% and 400%.  At least in some instances these 
annual growth rates likely understate actual growth rates in individual countries, since in 
particular in Europe PV installations differed significantly by country.  Figure C-3 below shows 
the annual PV installations in selected individual OECD countries. 

 

Figure C-3 
Annual PV installations in selected countries 

 
        Source: BP Statistical Review of World Energy, June 2012. 
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Among these countries, several experienced annual increases in installations between 200% and 
500%, including Spain (2006, 2007, 2008), Italy (2008, 2011), France (2010), Greece (2009, 2010, 
2011) and Belgium (2007, 2008, 2009).  In addition, in several countries with non-trivial starting 
capacities year to year increases of PV installations have approached or exceeded 1000%, such as 
in the United Kingdom (2011), Slovakia (2010) and most recently Japan, where Q1 2013 PV 
installations were almost 1000% higher than Q1 2012 installations.40  Increases of 1000% per year 
are likely not sustainable for many years (or even more than one or two), but since growth rates 
of over 200% per year have been observed in several countries and over several years, we suggest 
that, on average, growth rates of 300% per year should be possible, especially as the supply chain 
conditions for deploying solar PV systems continue to improve (in terms of total capacity 
available, ease of installation, experience, etc.).  Given the fact that annual increases in installed 
PV capacity can be very large in early years – i.e., with a relatively low installed base, we 
therefore used a maximum initial increase of 3,000% per year until 1 GW of total capacity is 
installed, and, in line with international experience, a maximum annual increase of 300% per 
year thereafter.  

MAXIMUM CUMULATIVE INSTALLATIONS BEFORE SERIOUS SYSTEM CONSTRAINTS EMERGE. 

Taking into account the maximum sustainable amount of PV in the ERCOT system is part of the 
novelty of the modeling approach and methodology we use for this project.  However, to 
minimize the number of iterations necessary for the two models we use – Xpand and PSO – to 
converge and hence fully reflect any operational constraints additional PV capacity might impose 
on ERCOT systems operations, it is convenient to seed the model with an initial assumption 
about maximum total sustainable PV capacity.  Determining this amount without the use of 
models like PSO is not a simple exercise and doing so would unnecessarily duplicate the 
modeling effort itself.  We therefore use a very simple back of the envelope approach to setting 
an initial limit for our modeling – a limit that can and will be revised if necessary.  To do so we 
look at those regions/countries where solar PV capacity has reach high levels and where there 
are at least occasional discussions of operational issues arising as a consequence.  The two most 
obvious candidates for such a benchmark are Germany and Italy, where solar penetration levels 
are the highest.  Figures C-4 and C-5 below show the percentage of total annual energy delivered 
from PV in multiple EU countries and what average and maximum percentage of PV 
contribution to meet energy demand. 

                                                   
40  See http://www.trefis.com/stock/spwr/articles/208238/sunpowers-japanese-utility-scale-solar-deals-

are-encouraging/2013-10-01. 
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Figure C-4 
2012 Percentage of Total Annual Energy supplied by PV 

 
Source: Reproduced from Figure 32, EPIA, Global Market Outlook for Photovoltaics, 2013, page 44. 

As shown in Figure C-4, the approximate average of total electricity supplied by PV in Germany 
and Italy is 6%. In 2011, total ERCOT demand was 335,000 GWh.41  A 6% PV share of this total 
demand would mean PV production of 20,100 GWh.  Assuming an average annual capacity 
factor of 18% for PV in ERCOT, the equivalent PV capacity that would generate this amount of 
electricity is 12.75 GW of solar PV. 

Another way of thinking about the maximum amount of PV that can be supported in a given 
system is to determine the maximum of energy that can be supplied from PV at any given time.  
Figure C-5 shows this for selected European countries.  Again, Germany and Italy rank highest, 
with maximum instantaneous PV contribution to electricity consumption approaching 50%.  

 

                                                   
41  See http://www.ercot.com/news/press_releases/show/473. 
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Figure C-5 
Annual average and maximum instantaneous PV 

contribution to electricity consumption in 2012 (%) 

 

Source: Reproduced from Figure 33, EPIA, Global Market Outlook for Photovoltaics, 2013, page 45. 

 

We therefore assume that the maximum cumulatively installed PV capacity in ERCOT is reached 
at the point where in any hour PV generates 50% of total electricity needed to meet demand.  In 
order to derive this, we first identify the hour in a year where solar PV can contribute the most 
portion in serving the load, which effectively is the hour for which the ratio between the 
capacity factor of the solar and the load factor is the highest.  We then assume that 50% of the 
load for that hour in 2032 is served by solar.  Given the capacity factor of solar in that hour, we 
calculate a total installed solar capacity, which serves as the maximum cumulatively installed PV 
capacity in ERCOT.  This method results in a 24.3 GW limit on the nameplate solar PV capacity.       

Since both measures lead to somewhat different estimates of the maximum PV capacity that 
could be supported in ERCOT (again, only as a starting point for our modeling, which will 
confirm or refine this assumption), we use the higher of the two values as our starting 
assumption. 
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